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Executive Summary  
 

The aim of this study is to obtain a better understanding of the potential of biomethane 

and hydrogen to contribute to the decarbonisation of the EU energy system, the impacts 

this will have on the gas infrastructure and the extent to which gas network ope rators and 

regulators are prepared to cope with these impacts. This study builds on the findings from 

the previous gas infrastructure 2050 study, 1 while  significantly advancing  the provision of 

quantitative data to the analysis.  The three explorative scena rios and  assumptions 

regarding the use of electricity, methane and hydrogen  serve to analyse th is impact on the 

gas infrastructure , rather than aiming to forecast the  most probable  deployment  pathway 

of biomethane and hydrogen  in the EU or any Member State.  

 

Biomethane and hydrogen will play an important role in  the transition to a 

decarbonised energy system .  In 2017, natural gas represented around 22% of the EU 

final energy consumption ,2 with natural gas infrastructure playing a correspondingly 

signif icant role. However, this role is complex and hetero geneous across Member States :  

the share of gas in the national energy mix is quite diverging, gas transmission networks 

are managed by 44 system operators (TSOs)  that use not fully harmonised gas 

specifications and technical standards , and the type and extent of infrastructure var y  

significantly across countries.  

 

According to the different scenarios of the European Commissionôs 2050  Long -Term 

Strategic Vision , gas demand in the EU will decrease fr om the 2015 levels by 20 to 60%  in 

the long term , with the demand for natural gas at least halving. 3 Regardless  of the overall 

gas demand evolution, the role of renewable and low -carbon gases  will however in  all its 

scenarios increase in the coming decades . In this context, a number of studies have been 

conducted on the potential development of low -carbon  and carbon -neutral  gases in Europe 

and its impact on the energy infrastructure .4 Despite methodological differences and 

diverging study outcomes, a consensus is emerging that low -carbon gases will play a major 

role in decarbonizing the EU economy, with the support of  the European gas infrastructure.  

 

The analysis begins  by assessing the technical potentials for renewable hydrogen and 

biome thane , with a focus on the intra -EU potential . The EU potential for sustainable 

biomethane is limited,  while the technical potential for hydrogen and synthetic 

methane production based on renewable electricity is large enough to substitute 

the (remaining) natural gas demand.   

 

The technical potential renewable electricity generation in the EU28 is estimated at 14  

000  TWh/yr . T he annual additional 5 hydrogen production potential  from electrolysis of 

renewable electricity  for the EU would amount to  6 500  TWh i n 20 30, increasing to 

7 900  TWh in 2050 due to expected efficiency gains in electrolysis. To exploit this potential , 

further development and commercialization of electrolysis will be needed, as well as the 

expansion of renewable electricity production and intermediate hydrogen storage  capacity . 

 

For this study, a conservative technical biogas/biomethane EU28  production potential of 

1 150  TWh/yr is estimated . Subtracting the current biogas production  results in an 

additional production potential of approx. 95 0 TWh/yr. The potential development of 

renewable methane is limited by the availability of biomass resources, by the 

                                           
1 Trinomics, LBST et al. (2018) The role of Trans-European gas infrastructure in the light of the 2050 decarbonisation targets. 
2 European Commission (2017), Energy balance sheets 2017 Edition. 
3 EC (2018). A Clean Planet for all A European strategic long-term vision for a prosperous, modern, competitive and climate neutral 
economy. COM(2018)773. EC (2018). In-depth analysis accompanying the Communication COM(2018)773. 
4 Trinomics, LBST et al. (2018) The role of Trans-European gas infrastructure in the light of the 2050 decarbonisation targets; Frontier 

Economics (2019) The Value of Gas Infrastructure in a climate-neutral Europe; Navigant (2019). Gas for Climate - The optimal role gas in a 
net-zero emissions energy system.; European Climate Foundation (2019). Towards fossil-free energy in 2050; ICCT (2018). The potential 

for low-carbon renewable methane in heating, power, and transport in the European Union. 
5 Correcting for the electricity that is needed to satisfy the electricity demand as of 2016. 
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implementation of more strict sustainability criteria, and by competing uses. 6 Major 

additional potentials for renewable and low -carbon gases exist in neighbouring countries 

such as Norway ,  Ukraine, Belarus and Russia ; this potential is however not further 

considered in this study . 

 

Hence, t he EUôs technical potential for renewable hydrogen by far exceeds the 2050 gas 

demand considered  in this study: in none of the scenarios for 2030 or 2050 the gas demand 

exceeds  4 100  TWh/yr. In contrast, the EU biomethane technical potential is not sufficient 

to meet the current nor future gas consumption.  Nonetheless, r esults for both hydrogen 

and biome thane vary significantly by Member State based on national determining factors 

and restrictions.  

 

Physical and trade exchanges of renewable gas (and electricity) between Member States 

in an integrated market will hence be of great importance to decarbonise  energy supply 

and cover energy demand at least cost , and to ensure efficient energy system and market 

functioning , given the unequal distribution of renewable energy resources across countries.  

 

Based on the storylines of the gas infrastructure 2050 study 7 t he study develops three 

explorative scenarios, each focused on strong end - use of one of th re e considered 

energy carriers : electricity, methane or hydrogen . For example, in the ñelectricityò 

scenario, electricity end use is dominant while methane and hyd rogen play a much smaller 

role.  In  all scenarios the overall gas supply until 2030 declines by 20% -30% , to approx. 3  

000 -3 500 TWh/a mainly due to a switch to other end -user applications using non -gas 

energy carriers as well as improved end -use efficiencies  (Figure 1) . The structure of the  

gas supply  in 2030, however, is similar  to the present . The gas infrastructure in 2030 is 

based on natural gas , which is mainly imported from outside the EU, and the share of both 

biomethane and hydrogen produc tion is still  rather limited.  

 

In 2050, the energy system has change d drastically. Due to the strong GHG emission 

reduction target , almost no fossil fuels can be used, and limited natural gas imports have 

to be offset by negative emissions. The dominant pr imary energy source s are biomethane 

and  renewable power, with the latter reaching 5  000 -6 800  TWh/a in 2050, thereby 

becoming the dominant po wer  source  for end -use consumption as well as hydrogen and 

synthetic methane production.  

 
Figure 1 Gas supply in EU28  

 
 

In the electricity - focused scenario, the system utilises in 2050 the full potential of 

biomethane  of 1  150  TWh/yr . Approx. 230 TWh/a of synthetic methane is produced and 

used for re -electrification, but  it is still cheaper to source fossil gas up to a predetermined 

                                           
6 The sustainability criteria of the recast Renewable Energy Directive were taken into account, but may constitute further limitations to the 

biomethane potentials estimated. The technical potential presented here assumes that all bioenergy not used today is available for biogas / 

biomethane production; other energetic uses are excluded. 
7 Trinomics, LBST et al. (2018) The role of Trans-European gas infrastructure in the light of the 2050 decarbonisation targets. 
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GHG cap rather than to further develop methanation. Hydrogen supply amounts to approx. 

860 TWh/a, mostly for direct consumption and as feedstock for methanation.  

 

The methane - focused  scenario  also utilises in 2050 the full biomethane potential. In 

addition, almost the same amount of synthetic methane is produced via methanation for 

end -use and  re -electrification. Hydrogen production reaches over 2,200 TWh/a, but only 

limited amounts are employ ed directly in end -use sectors , as most serves  as feedstock for 

methanation. Hence, the overall gas demand and supply in this scenario is much higher 

than in the other two scenarios, due to  methanation losses.  

 

In the hydrogen - focused  scenario , hydrogen i s the major gas type with more than 2,1 00  

TWh/a in 2050 , due especially to direct end -use. By 2050 electricity is used only for those 

applications wh ere it is technologically and economically more suitable and more efficient 

than hydrogen, while methane de mand decrease s substantially. To avoid parallel gas 

infrastructures , mainly hydrogen is transported and distributed at all network levels.  

 

The implications for the existing networks vary between scenarios. None or little technical 

or regulatory barriers exist for the admixture of biomethane.  In contrast, c urrent gas 

networks can only be used to transport admixed hydrogen  up to a certain limit , which 

differs depending on the type and characteristics of the network and end -user appliances. 

For higher concen tration  admixtures , technical modifications and/or new infrastructure or 

equipment are required. While hydrogen admixture is today possible up to different limits 

depending on national regulation s, there is no consistent policy nor  regulatory framework 

in place in Europe to allow small or large -scale injection of hydrogen to the gas network. 

The pathways  for increasing hydrogen admixture are further  detail ed in this report.  

 

A scenario focused  on electricity and gas sector coupling where hydrogen plays 

a ce ntral role would offer the least - cost  outcome, while also allowing to value 

existing gas asset s. Until 2030 the three scenarios present similar system cost structures 

and magnitudes, with major contributions from fossil energy imports. In the long - term to 

2050 , the overall system costs decrease due to cheap renewable power, increasing sector 

integration and substitution of energy imports. The lowest system costs are achieved with 

a hydrogen - focused s cenario , followed by the electricity and methane scenario s, and reflect 

the  trade -off between renewable energy production, system flexibility and gas supply. The 

methane - focused scenario is less attractive due to its lower overall efficiency (related to 

additional investments, energy losses in the methanation pro cess and lower end -use 

efficiency for transport). It is important to highlight that the scenario modelling is of 

explorative character with regard to the demand for the major energy carriers within the 

end -user sectors , i.e. the three scenarios differ in c ertain assumptions related to end user 

choices of applications using either electricity, methane or hydrogen.  

 
Figure 2 Annual energy system costs (excluding national energy transport costs) in EU28  

 
 

Each scenario leverages and impacts both cross - border and national gas 

networks differently according to the dominant energy carrier. Countries with large 
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renewable energy potentials in comparison to limited domestic demand become gas 

exporters , whereas Me mber States characterised by high gas demand but low domestic 

production from renewables are net gas importers . Particularly in the electricity and 

methane -based scenarios, the Scandinavian and Baltic counties supply large amounts of 

biomethane, while in t he hydrogen scenario Scandinavia, the Baltic countries and Southern 

Europe are important gas exporters  (Figure 3).  

 
Figure 3 EU28 cross -border annual gas flows in 2050 for the  three scenarios  

Electri city   Methane  Hydrogen   

Member State profile   Annual gas flows  

 
Importer    

 None  
 
 <20 TWh/a   

 
 20 -50 TWh/a   

 
Exporter    

 50 -100 TWh/a  
 
 100 -200 TWh/a  

 
 >200 TWh/a  

  

The decarbonization of gas supply and consequent  reconfiguration of gas flows 

will substantially affect the business case of gas network operators.  In the mid -  

and long - term the risks faced by gas network operators  mainly  result from changes in 

underlying technical and regulatory factors affecting the cost of service and the transported 

gas volumes  in  the medium and long term . While some grid operators  are already acting 

(in various extents) to address these risks , the confidence of stakeholders that the risks to 

the business case of grid operators  are  limited in the mid - term , is related to the belief that 

these underlying factors such as the need for gas transport services will remain stable until  

2030, or at least that measures to contain the cost of service and extreme tariff increases 

are available.  

 

Based on a simulation of  transport tariffs, t he most significant long - term risks to TSOs in 

case of a  large change  in the cost of service or transported volumes (and thus tariffs) would 

come from a significant reconfiguration of gas flows in the EU to 2050.  Specifically, 

importan t c ross -border transmission investments could lead  to an increase in transmission 

tariffs , especially in the case that dedicated hydrogen networks would be  developed . 

Related to this, t here is still significant uncertainty regarding both the OPEX levels and the 

necessary regulatory framework  for hydrogen networks . Also, i f gas transmission 

investments are made before 2030 while not considering  the uncertainty to 2050 , this 

could lead to stranded assets and consequently to substantial  re -evaluation s of the 

regulatory asset base.  Moreover, the reconfiguration of the network will require the 

corresponding  adaptation of cross -border and national network cost allocation , as different 

transit a nd intra -system flows will become the main gas network cost drivers.  

 

DSOs will also have a major role in the gas infrastructure transition , facing some of the 

same drivers impacting the business case of TSOs . However,  the impact magnitude will be 

different and vary much more across regions.  DSOs have a more  important asset base and 

higher cost of service than TSOs. Local developments are expected to be more divergent 

than at the transmission level, and while the transm ission volumes would in general 

decrease, certain DSOs will see an increase in their transported volumes  and a more 

frequent occurrence of reverse flows from the distribution to the transmission level.  
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The importance of stable long - term policies is pivota l for the business case of system 

operators,  and impacts many of the other risks discussed, as the period from 2030 to 2050 

is where the most important transitions will occur.  Clarity on the target decarbonization 

levels will provide the overarching framew ork from which the planning scenarios and 

necessary regulation should be developed, also given the differences in  policies aiming at 

near -complete  or full net decarbonization.  

 

Current n ational policy and regulatory frameworks for renewable gas are largely  

hetero geneous . There is a variety of incentives in place to stimulate renewable gases, 

but  these vary widely across Member States  and few concern  grid connection and access . 

In contrast, t he  planning and  revenue  regulatory frameworks for gas networks have  many 

common aspects across Member States . S ome countries (especially the few  ones  with more 

short - term deployment of renewable gases ) are experimenting with measures such as  

regulatory sandboxes , but still hydrogen and biomethane are addressed sporadicall y.  

 

Regarding the TEN -E and CEF regulations , they  have helped develop  well - integrated and 

secure gas markets . Now a number of changes could be considered  to better support the 

deployment of hydrogen and biome thane  in gas networks . Options include the potential 

update of the TEN-E priority corridors , areas and the eligibility criteria  for PCIs and CEF , 

broadening the scope to distribution projects  and those facilitating sector coupling 

(hydrogen networks, power - to -gas and deblending)  and including innovation and 

robustness to uncertainty in the selection criteria . The cost -benefit analysis methodology 

and underlying scenarios  could also better  account for renewable and decarbonised gases , 

and prioritise making best use of existing infrastructure, in cluding through conversion . 

Furthermore , there is a lack of coherence  across national  frameworks for the hydrogen 

blending which may hinder the development of a consistent European approach and 

therefore the  cross -border transport of hydrogen.  

 

The main hi gh - level recommendations of the study  focused on gas infrastructure are:  

¶ Appropriate technical standards and specifications should be elaborated to 

facilitate biomethane and hydrogen deployment . A supportive regulatory 

framework for hydrogen blending as a tool for decarbonising the gas supply  

should be developed . For higher hydrogen volume concentrations, dedicated 

transmission  and distribution infrastructure would be more appropriate  than 

admixture to methane ;  

¶ Further analysis of the role of hydrogen and of strategies for a stepwise 

development of 100% hydrogen network ñislandsò th at subsequently grow into 

one large hydrogen network is worth exploring;  

¶ Planning of new energy infrastructure should be more integra ted and be based on 

the overall future energy system while optimising the use of existing 

infrastructure , with clear guidance  from policymakers  on gas decarbonization 

pathways ;  

¶ TEN-E and CEF regulations should support projects facilitating the integration of 

renewable gas , shifting the gas sector focus to projects that are future -proof and 

efficiently contribute to the energy transition;  

¶ An adequate regulatory framework for power - to -gas should be developed , 

addressing  barriers to investment  and  further cons idering the role of TSOs ;  

¶ An appropriate regulatory framework for dedicated hydrogen networks should be 

defined in a timely manner , considering the role of the current natural gas 

network operators in a fully or partially regulated approach ;  

¶ Streamlining efforts  for incentives to renewable gases  are required to improve 

effectiveness, avoid competition distortion between energy vectors, and value 

economic benefits of local renewable gas production ;  

¶ Measures could be considered to mitigate potential negative  impacts on system 

operators and network users  from decreasing gas demand and changes in  gas 

flows . W hile regulatory principles such as cost - reflectivity  should be respected, 

alternatives to e.g. current unbundling requirements could be considered  in order  

to reduce th e system cost .  
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1   OBJECTIVE ,  METHODOLOGY AND STRUCTURE OF THE  STUDY  

1.1  OBJECTIVE  

The EU has increased its ambitions to decarbonise  its energy system and economy , and 

has substantially reformed its energy and climate policy framework  accordingly . However, 

the se regulatory changes have  not specifically address ed the gas market design, for which 

the European Commission is preparing a regulatory package. In addition, the European 

Commission will evaluate the Trans -European Energy Network guidelines (TEN -E) while  

the Connecting Europe Facility (CEF) regulation is being reviewed.  

 

The EU gas infrastructure consis ts of more than 200,000 km of transmission pipelines, 

more than 2 million km of distribution network s and over 20,000 compressor and pressure 

reduction stations. 8 More than 115 million domestic, commercial and industrial end -users 

are connected to the gas network .9 Natural gas repre sented in 2017 around 35% of the 

householdsô final energy consumption and 22% of the total final EU energy consumption. 10  

The European gas network is highly inhomogeneous and complex. The transmission assets 

are currently operated  by 44 TSOs and gas specifications and technical sta ndards are not 

harmonised; the type and extent of infrastructure also var ies  significantly across  countr ies.  

 

In 2017, the EU28 imported about 3,550 TWh and consumed 4,800 TWh of natural gas, 

which resul ted in a dependency level of 74% 11 . As the EU demand for gas is expected to 

grow by 1% per annum to 2035, which constitutes a total rise of 19.6%, while domestic 

natural gas production would further decline, the EU would have to increase its imports of 

pipeline gas and LNG from existing or alternative suppliers. The EU can however reduce 

its natural gas import dependency by developing and promoting the use of domestic 

alternatives, in particular renewable gas. In the long term, gas demand would decrease 

from the 2015 levels by 20 up to 60% according to the different scenarios of the European 

Commissionôs Long-Term Strategic Vision, with the demand for natural gas at least 

halving. 12  The supply of low -carbon gases would rise significantly in all scenarios, and 

would hence play an increasing role for transforming and decarbonizing the energy system 

to 2050.  

 

The future gas demand will be heavily influenced by gas prices, economic growth and 

(geo - )political interests, as well as by  climate targets. Therefore, independently of the 

overall gas demand evolution, the role of biomethane and hydrogen in the European gas 

system is inevitably going to increase in the coming decades. This is reflected in the 

scenarios of the 2018 Ten -Year Network Development Plan, which  already forecasted a 

share of biomethane in energy demand by 2040 of up to 13%, and of 3% for power - to -

gas. These shares are expected to increase in the scenarios for  the 2020 Plan.  

 

In this context, a number of studies have been conducted on the potentia l development 

of low -carbon gases in Europe and on sector coupling. 13  There are indeed still many open 

issues regarding the level of future gas demand, the potential for biomethane and 

hydrogen, the most appropriate technologies and deployment pathways, the  highest value 

end -uses for low -carbon gas, the impact of these developments on gas infrastructures, 

the business rationale for gas network operators and the regulatory readiness at the EU 

                                           
8 CEER (2018). CEER Benchmarking Report 6.1 on the Continuity of Electricity and Gas Supply, Brussels 
9 Marcogaz (2014). Technical statistics 01-01-2013, Brussels. 
10 European Commission (2017), Energy balance sheets 2017 Edition. 
11 Eurostat (2019) Simplified energy balances  
12 EC (2018). A Clean Planet for all A European strategic long-term vision for a prosperous, modern, competitive and climate neutral 

economy. COM(2018)773. 
EC (2018). In-depth analysis accompanying the Communication COM(2018)773. 
13 Trinomics, LBST et al. (2018) The role of Trans-European gas infrastructure in the light of the 2050 decarbonisation targets; Frontier 

Economics (2019) The Value of Gas Infrastructure in a climate-neutral Europe; Navigant (2019). Gas for Climate - The optimal role gas in a 
net-zero emissions energy system.; European Climate Foundation (2019). Towards fossil-free energy in 2050; ICCT (2018). The potential 

for low-carbon renewable methane in heating, power, and transport in the European Union. 
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and Member State level. Recent studies regarding the potential role  of the different low -

carbon gases (biomethane, hydrogen and synthetic methane) to achieve the 

decarbonization of the energy system at least cost, present diverging outcomes. For 

example, the ICCT study arrives at significantly different potentials for bio methane 

compared to the Gas for Climate study, while the ECF study reserves a limited role for 

renewable gases in its least -cost scenario. The assumptions and modelling approaches 

constrain the comparability of the studies. Nonetheless, despite the remaini ng 

uncertainties, a consensus is emerging that low -carbon gases will play a major role in 

decarbonizing the EU economy and that European gas infrastructure may support this.  

 

The aim of this study is to obtain a better understanding of the potential of bio methane 

and hydrogen to contribute to the decarbonisation of the EU energy system, the impacts 

this will have on the gas infrastructure and the extent to which gas network operators and 

regulators are prepared to cope with these impacts. This  study  build s on the findings from 

the previous Gas Infrastructure 2050 study, but it  significantly advances in the provision 

of quantitative data to the analysis.  

1.2  METHODOLOGY  

The methodology used  for this study comprise d first of all an in -depth review of relevant 

stu dies and reports complemented with ad hoc contacts , in view of assess ing  the potential 

availability and use of biomethane and hydrogen  in the EU 28 . The potential supply 

est im ates are mainly based on domestic resources, but for biomethane , i mports from non -

EU countries are also considered. For hydrogen specifically, the potential domestic 

availability of renewable electricity to operate electrolysis at large scale is screened.  

 

The feasibility and impact from a regulatory and technical perspective , of i njecting 

increasing volumes of biomethane and/or hydrogen into the gas network ha ve  been 

assessed on the basis of an extensive liter ature overview , including EU and national 

technical documents, standards  and specific ations  as well as specific studies and projects 

regarding the suitability of existing gas infrastructure for hydrogen and bio methane.   

 

The economic and environmental costs and benefits of the deployment of the full potential 

of biomethane and hydrogen have been  assessed for three different hypothetical scenarios  

(environmental costs are calculated as CO 2 emissions avoidance cost) . As a first step, the 

scenarios and general boundary conditions have been defined and agreed upon setting the 

scene for all data and i nformation compilation feeding the energy model. Following, the 

major energy framework for the three scenarios was derived from existing studies and 

policy documents, addressing the energy demand side, the technology evolution, 

availability and cost, concl uding in the quantities of biomethane and hydrogen that 

potentially could be used in the different end -use sectors. The energy model has been 

applied in four distinct steps: 1) definition of the energy system and its interlinkages, 2) 

collection of input d ata not provided by the preceding steps, 3) model runs, and 4) 

evaluation of the data from an economic and environmental perspective.  

 

Based on the modelling results for the EU28, the impact of the three scenarios on gas 

networks and network tariffs has in  more detail been evaluated for five selected Member 

States ( Germany, Hungary, the Netherlands, Spain and Sweden), while the readiness of 

their regulatory regime to facilitate the deployment of renewable gas has also been 

evaluated. The methodology consist ed of an in -depth literature review, using both EU level 

and Member State specific data sources, complemented by interviews with representatives 

from the National Regulatory Authorities (NRAs) and network operators from the selected 

Member States. The regu latory framework for gas infrastructure is presented and 

analysed, with a focus on the development and operation of the gas network, network 

operatorsô revenue regulation and network tariffication. The current state of the 

development of biomethane and hyd rogen in the selected countries is also analysed, 

covering the entire value chain, from production to transport, storage and finally 
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consumption. Finally, the specific policy and regulatory framework for renewable gas is 

evaluated for the selected Member S tates, covering aspects such as targets, economic 

support and certification. Based on the information gathered and analysed, and on the 

modelling results, key issues in the regulatory framework hindering the development of 

hydrogen and biomethane are ident ified and measures and recommendations are 

proposed to enhance the regulatory and policy framework.  

1.3  STRUCTURE OF THE REPO RT  

The report is divided into three main  parts:  

 

¶ The first part  (Chapters 2 -4) analyses the potential supply and use of 

biomethane and  hydrogen , evaluates the feasibility and impact of injecting the se 

gases into the natural gas network  and assesses the costs and benefits of th e 

deployment of their f ull potential under three defined scenarios ;  

¶ The second part  (Chapters 5-8) assesses the i mplications of the three scenarios 

on gas network  operators and network  tariffs and evaluates the regulatory 

readiness of selected Member States;  

¶ The last part  (Chapter 9) presents recommendations, including on the TEN -E 

and CEF regulations , to facilitate the deployment of renewable gas .  

 

2  POTENTIAL AVAILABILIT Y OF BIOMETHANE AND HYDROGEN IN THE 

EU  AND NEIGHBOURING CO UNTRIES  

In this chapter, the technical potentials of hydrogen and biomethane production in the 

European Union are assessed ; they serv e as volume caps for the  economic optimization 

algorithm used in the modelling that is presented in chapter 4. 

 

Based on a definition of the different types of energy resource potentials , the technical 

potential is assessed for the production of hydrogen from r enewable electricity as major 

source to operate electrolysers. Furthermore, the technical potential for the production of 

biomethane and the related costs are  assessed based on recent studies .  

2.1  THEORETICAL ,  TECHNICAL ,  ECONOMIC POTENTIAL ï DEFINITION OF 

TER MS  

When availability potentials are assessed, a differentiation is made between the 

theoretical, technical and economic potential. The theoretical potential represents the 

quantity of energy that can be produced in a given geographical region while only ta king 

into account physical boundary conditions.  

 

The technical potential is derived from the theoretical potential by taking also into account 

technical, ecological and administrative/legal restrictions including transformation losses, 

geographical and tem poral discrepancies between energy production and energy demand, 

non -availability of areas, etc.  As an example, for onshore wind energy, urban  and built -up 

areas  including setback distances  as well as protected areas,  are excluded, while for solar 

photovol taics (PV) urban and built -up areas  are perfectly suited  and hence taken into 

account .  Competition for land use is also taken into account; for solar PV, roofs and 

facades are included while in a conservative approach taken here other surface areas are 

on ly included along motorways  and railway lines.  

 

The economic potential is the part of the technical potential that can be exploited under 

the prevailing economic circumstances. The definition of the three potential  type s is 

illustrated in Figure 2-1. 
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Figure 2-1 Definitions of energy resource ñpotentialsò 

 
 

This study mainly focuses on the technical hydrogen and biomethane potentials within the 

EU. Major additional technical potentials exist in neighbouring countries such as Norway, 

Ukraine, Belarus and Russia ,  but it should be further assessed to what extent these 

sources would comply with the strict sustainability criteria agreed upon in the EU.   

2.2  POTENTIAL AVAILABILIT Y OF RENEWABLE HY DROGEN  

Hydrogen (H 2) ï the first and lightest element of the periodic table ï is not freely available 

in nature, but is bound to other chemicals. A number of technologies is available to produce 

hydrogen from different feedstocks and input energies.  

 

In th is study , only hydrogen production through electrolysis from renewable electricity is 

considered , as this production technology has a large potential that could be sufficient to 

substitute the current natural gas consumption, and as other production techno logies, e.g. 

based on fossil fuels or on bioenergy, would either lead to residual GHG emissions and 

would hence not allow to reach full decarbonisation or would conflict with other more 

efficient uses of bioenergy.  

The h ydrogen production technology consid ered in this study is hence  water electrolysis 14  

using renewable electricity . Electrolytic hydrogen can be directly used or  synthesized with 

CO2 to synthetic methane. However, this  latter pathway is not further considered in this 

study . 

 

The technical potential for renewable hydrogen production is thus based on the renewable 

electricity generation potential minus the current electricity consumption (óbaseô electricity 

consumption) , transformed  into hydrogen applying the efficiency of elect rolysis . For this 

study, we assume the levels of óbaseô electricity consumption to be constant over time. 

 

In order to exploit th is technical renewable hydrogen potential commercially , it is 

necessary to:  

a)  further improve, develop and commercialise electrol ysis technology,  

b)  strongly expand the production of renewable energy based electricity , and  

c)  envisage using intermediate hydrogen storage in order to be able to cope 

with the fluctuating demand of end -users and to supply baseload hydrogen 

to the industry.  

 

                                           
14 Furthermore, technologies producing hydrogen as a by-product rather than as the main product have been excluded here as the former are 

typically optimizedoptimised for the main product. Furthermore, supercritical water gasification of biomass, plasma-based carbon black 
processes using natural gas as feedstock, fermentation and photo-fermentation, photo-catalysis, electro-hydrogenesis and photo-biological 

water splitting have been excluded. LBST & Hinicio (2015), Study on Hydrogen from Renewable Resources in the EU. 
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2.2.1  W ATER ELECTROLYSIS ï STATE OF THE ART AN D PERSPECTIVES  

Three major electrolysis technologies are considered for large scale industry use today: 

alkaline electrolysis (AEL), proton exchange membrane -based electrolysis (PEM 

electrolyser ï PEMEL), and electrol ysers using an ion -conducting solid oxide (SOEC). A EL 

and PEM electrolysers are commercially available. Today, the efficiency of larger 

electrolysis plants (in the order of 5 MW el) is about 68% and 69% based on the higher 

heating value (HHV) for AEL and PE M electrolysers, respectively. 15  Based on the lower 

heating value (LHV), the efficiency would be about 57.5% ( AEL) and 58.4% (PEM). The 

efficiency including the use of auxiliary energ y does in general not change with the capacity 

if the same pressure level and hydrogen purity are  to be achieved.  

 

In the future, a decrease of electricity consumption can be expected, i.e. an increase in 

efficiency. According to two detailed studies 16  an efficiency of 67% (based on LHV) can be 

expected for 2030 in case of alkali ne electrolysers, and of 71% (LHV) in case of PEM 

electrolysers. For the hydrogen production potential, we have not distinguished between 

alkaline and PEM electrolysis, but have used current values for the short - term (57% LHV, 

PEMEL and AEL) increasing in t he long - term to 71% LHV (PEMEL) until 2040/2050.  

2.2.2  TECHNICAL RENEWABLE E LECTRICITY POTENTIAL S IN THE EU 

The technical potentials for the production of renewable electricity in the EU are significant. 

In light of the already low costs and further significant cost reductions to be expected in 

solar and wind power generation, the realistic level of exploitation of these potentials 

(economic potential) may not be limited by costs, but possibly rather factors such as  public 

acceptance .17  

 

Taking the basic approach for assessing renewable power potentials in EU28  described in 

DLR (2015) 18  and LBST (2016) 19 , recently published studies have been assessed and 

combined with earlier analyses. The following renewable electricity sources are included : 

wind power (onshore and offshore), solar PV, hydro power, geothermal power, ocean 

energy, and solar thermal power. Biomass -based technologies are excluded as we assume 

all biomass to be available to other uses, including biomethane production. Furthermor e, 

this allows for a clearer picture and avoids potential double counting. The technical 

electricity production potential from renewable e nergy  sources in EU28  is shown in  Figure 

2-2. Additional potentials may become available based on societal  choices (so lar PV on 

additional surface areas) or technology development s (offshore wind on floating platforms 

in deeper water).  

 

                                           
15 Deutsches Zentrum für Luft- und Raumfahrt e.V. ï DLR (2015), Erneuerbare Energien im Verkehr Potenziale und 
Entwicklungsperspektiven verschiedener erneuerbarer Energieträger und Energieverbrauch der Verkehrsträger. 
16 E4tech Sàrl with Element Energy Ltd (2014). Study on development of water electrolysis in the EU, 2014. & Deutsches Zentrum für Luft- 

und Raumfahrt e.V. ï DLR (2015), Erneuerbare Energien im Verkehr Potenziale und Entwicklungsperspektiven verschiedener erneuerbarer 
Energieträger und Energieverbrauch der Verkehrsträger. 
17 LBST (2016). Renewables in Transport 2050, Frankfurt am Main. 
18 Deutsches Zentrum für Luft- und Raumfahrt e.V. ï DLR (2015), Erneuerbare Energien im Verkehr Potenziale und 
Entwicklungsperspektiven verschiedener erneuerbarer Energieträger und Energieverbrauch der Verkehrsträger. 
19 LBST (2016). Renewables in Transport 2050, Frankfurt am Main. 
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Figure 2-2 Technical renewable electricity generation potential in EU28 

 
Source: Diagram from LBST 2016 with data from i.a. JRC 2018, IWES 2012, DLR 1992, DLR 2005, TAB 2003, Stefansson 2005, 

* Eurostat 201720 

 

Figure 2-3 shows the EU renewable electricity potentials by Member State.  For comparison, 

in 2017 the net electricity consumpti on in EU28  was 3 100 TWh 21 . The renewable electricity 

potentials thus largely exc eed the current electricity consumption . The technical potential 

may be further reduced by factors such as competing land use. In order to take these 

impacts into account, the ranges of potentials found are averaged to give the final 

potential , resulting in a long - term technical potential for sustainable renewable power 

production of some 14  000  TWh per year. More conservative estimates would not be 

critical to the modelling res ults presented below as the technical potentials estimated here 

are by far larger than the demand in the scenarios calculated.  

 

 

                                           
20 LBST (2016). Renewables in Transport 2050; JRC (2018). Wind potentials for EU and neighbouring countries: Input datasets for the 

JRC-EU-TIMES Model; IWES (2012). Windenergie Report Deutschland 2011; DLR (1992). Solarthermische Kraftwerke im 
Mittelmeerraum, Deutsche Forschungsanstalt für Luftund Raumfahrt/Zentrum für Sonnenenergie und Wasserstoffforschung; DLR (2005). 

Concentrating solar power for the Mediterranean region, Stuttgart, 2005; Büro für Technikfolgen-Abschätzung beim Bundestag (2003), 

Möglichkeiten geothermischer Stromerzeugung in Deutschland; Stefansson, V. (2005). World Geothermal Assessment. Proceedings World 
Geothermal Conference 2005, Reykjavik; European Commission (2017), Energy balance sheets - 2017 Edition, Luxemburg 
21 Eurostat (2018). Energy statistics - an overview. 
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Figure 2-3 EU renewable electricity generation potentials, by Member State (ave rage of ranges per 
Member State)  

 
Source: JRC 2018, LBST 2016, GL et al. 1995, IWES 2012, DLR 1992, DLR 2005, TAB 2003, Stefansson 200522 

 

2.2.3  TECHNICAL POTENTIAL FOR HYDROGE N PRODUCTION  

Based on the potential  renewable electricity generation in EU28 ( 14  000  TWh/yr), the 

efficiency of the water electrolysis technology (increasing from 57% to 71% in the long 

term) , and taking todayôs electricity consumption of 2016 as constant (óbaseô electricity 

consumption), the  annual hydrogen production potential for E U28 is estimated at  6 500  

TWh in 2020, increasing to 7 900  TWh in 2040/2050 due to  efficiency gains in electrolysis.  

 

The technical potential for hydrogen largely exceeds the calculated gas demand: none of 

the scenarios for 2030 or 2050 estimates a gas dem and higher than  4 100 TWh/a. Any 

additional restrictions not taken into account in this analysis  would only represent a 

limitation to European gas production, or more generally energy supply, if they reduce the 

technical potential significantly . 

 

                                           
22 JRC (2018). Wind potentials for EU and neighbouring countries: Input datasets for the JRC-EU-TIMES Model; LBST (2016). 

Renewables in Transport 2050; Germanischer Lloyd, Garrad Hassan and Partners, Windtest KWK (1995). Study of Offshore Wind Energy 
in the EC; IWES (2012). Windenergie Report Deutschland 2011; DLR (1992). Solarthermische Kraftwerke im Mittelmeerraum, Deutsche 

Forschungsanstalt für Luftund Raumfahrt/Zentrum für Sonnenenergie und Wasserstoffforschung; DLR (2005). Concentrating solar power 

for the Mediterranean region, Stuttgart, 2005; Büro für Technikfolgen-Abschätzung beim Bundestag (2003), Möglichkeiten geothermischer 
Stromerzeugung in Deutschland; Stefansson, V. (2005). World Geothermal Assessment. Proceedings World Geothermal Conference 2005, 

Reykjavik. 
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Figure 2-4 Hydrogen production potential EU 28  

 

2.3  POTENTIAL AVAILABILIT Y OF BIOMETHANE  

The assessment o f the biomethane production potential i s focusing on the EU28, but the 

potential in Eastern Europe is also discusse d briefly in view of po ssible i mports to the EU. 

EU natural gas regulations cover biomethane network access, and European standards 

cover biomethane injection into the gas network (EN 16723 -1:2016) and its use in the 

transport sector (EN 16723 -2), both under responsibility of CEN Working group TC408. 23  

These regulations and standards form an important basis for the development of the 

biomethane market in Europe. The potential development of renewable methane is limited 

by the availability of biomass resou rces, by the implementation of more strict sustainability 

criteria under the Renewable Energy Directive (RED II), and by competi ng uses for food, 

feed and feedstock production.  

 

Feedstocks for bioenergy production include agricultural and forestry substrat es and 

residues as well as by -products such as straw or manure. Energy crops for bioenergy 

production can be grown on agricultural land including both farmland and grassland. The 

availability of the latter for conversion into biomethane is limited due to c ompetitive uses 

such as for food and feed production, material use of feedstocks, different types of energy 

production, nature protection, etc.  

 

Competition for surface areas and biomass feedstocks exists on different levels including 

the selection of crops (e.g. maize for biogas production, grain for bioethanol production, 

short - rotation forestry for heat production, etc.), competition for electricity, heat or fuel 

production, competition for food and feed crop production, competition for material use 

(e.g. in the wood industry or for bio -based insulation materials), temporal or permanent 

reservation for nature protection purposes, etc.  

 

The recast of the Renewable Energy Directive (RED  II) 24  emphasizes the need to ensure 

that the waste hierarchy 25  and a set of  sustainability criteria 26  are taken into account, that 

indirect land use change is avoided or minimized while promoting the use of wastes and 

residues, and that no significant distortive effects on markets for (by - )products, wastes or 

residues are cr eated. RED II defines that only energy from biomass fuels (including 

gaseous fuels) fulfilling the sustainability criteria is eligible for (a) counting towards the 

overall Union renewable energy target for 2030 and the renewable energy shares of 

Member Sta tes, (b) measuring compliance with renewable energy obligations to be set on 

                                           
23 European Commission (2017). Optimal use of biogas from waste streams. 
24 Directive (EU) 2018/2001 of the European Parliament and of the Council of 11 December 2018 on the promotion of the use of energy 

from renewable sources (recast); OJ L 328/82, 21.12.2018 
25 See Directive 2008/98/EC: a) prevention; (b) preparing for re-use; (c) recycling; (d) other recovery, e.g. energy recovery; and (e) disposal. 
26 As defined in art. 29 of RED II 
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fuel suppliers by the Member States through national transposition of RED II, and (c) 

financial support.  

 

Compared to the Renewable Energy Directive of 2009 27  some of the sustainab ility criteria 

in RED  II are new and have thus not been taken into account by any of the studies used 

as the  basis  for the potential estimates.  

 

Greenhouse gas savings are required to be at least 65% for biogas in transport relative to 

the fossil fuel com parator defined in RED  II Annex VI from 2021, and at least 80% for 

electricity, heating and cooling production from 2026. Standard values included in Annex 

VI show that these values can be achieved with standard technologies (close digestate, 

off -gas combu stion).  

 

A detailed assessment of all sustainability criteria with respect to the technical biogas 

potential in the EU is beyond the scope of this study, but would be instrumental in 

understanding further limitations  to the biomethane potentials estimated in the following 

sections. Although these limitations have been taken into account , the technical potentials 

may still be more limited than estimated in this study  as the understanding of these 

limitations will improve over time, and the limitations may ev olve over time through 

additional sustainability criteria defined by Member States through the national 

transposition and potential harmonisation thereof by the end of 2026 (art. 29(14)), as well 

as through implementing acts to be adopted by the Commission  by the end of 2021 

establishing the operational guidance on the evidence for demonstrating compliance with 

the criteria related to forest biomass derived from unsustainable production and LULUCF.  

2.3.1  CURRENT BIOGAS /  BIOMETHANE PRODUCTI ON IN THE EU 

In 2016, some 193  TWh of biogas were produced in the EU. 28  It was mainly used for 

electricity generation , followed by heat production and use as a transportation fuel.  

 

Biomethane production for direct use in transport or for injection into the gas network for 

use in heating or transport represents 11% of biogas production in Europe. Sweden and 

the Netherlands upgrade significant shares of their biogas to biomethane (status: 2015): 

Sweden (66%; 61 plants), the Netherlands (19%; 21 plants); Germany upgrades 10% of 

it s biogas to biomethane (185 plants). In 2015, biomethane was produced in 414 plants 

in the EU (plus 45 in Iceland, Norway and Switzerland) producing an estimated 

1.2  billion  m 3. Of these, at least 305 plants in the EU (plus 35 in Iceland, Norway and 

Switze rland) feed into the gas network, with a capacity of at least 1.5  million  m 3. About 

697 biomethane filling stations provided some 160  million  m 3 of biomethane to transport 

in 2015.  

 

Figure 2-5 shows the biogas production in the EU 28  in 2016 by Member Stat e and by 

feedstock.  

 

Biomethane production for direct use in transport or for injection into the gas network for 

use in heating or transport represents 11% of biogas production in Europe. Sweden and 

the Netherlands upgrade significant shares of their bioga s to biomethane (status: 2015): 

Sweden (66%; 61 plants), the Netherlands (19%; 21 plants); Germany upgrades 10% of 

its biogas to biomethane (185 plants). In 2015, biomethane was produced in 414 plants 

in the EU (plus 45 in Iceland, Norway and Switzerland) producing an estimated 

1.2  billion  m 3. Of these, at least 305 plants in the EU (plus 35 in Iceland, Norway and 

                                           
27 Directive 2009/28/EC of the European Parliament and of the Council of 23 April 2009 on the promotion of the use of energy from 
renewable sources and amending and subsequently repealing Directives 2001/77/EC and 2003/30/EC; OJ L 140/16, 5.6.2009 
28 Eurobserv (2019). Online Data-Base. 
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Switzerland) feed into the gas network, with a capacity of at least 1.5  million  m 3.29  About 

697 biomethane filling stations provided some 160  mill ion  m 3 of biomethane to transport 

in 2015. 30  

 
Figure 2-5 Current biogas production in the EU  

 
Source: Eurobserv (2019). Online Data-Base; Scarlat, N. et al (2018). European Biogas Association (2017) 31 

2.3.2  B IOMETHANE PRODUCTION  POTENTIAL  

The b iomethane potentials considered in this study focus on the technical and so-called 

mid - term potentials in EU28 . Data considered here are notably taken from Kovacs 2015 32 , 

GreenGasGrids 2012, 2013, 33  DBFZ 2016, 34  Deutsche Energie -Agentur GmbH 2017 35 , 

DVGW 2018, 36  and Navigant 2019. 37  

 

The technical potential , which does not in clude round wood and limits using energy crops 

to values compatible with sequential cropping,  does not take into account competing uses 

of the biomass fo r energy production beyond the current use 38  as biomethane production 

and consumption is considered as the most efficient bio -energy use. 39  In other words, the 

technical potential assumes that all bioenergy not used today is available for biogas / 

biomethane production; other energetic uses are excluded. This assumption of using the 

full potential of bioenergy for biomethane production does n ot leave room for applying bio -

energy with carbon capture and storage (BECCS)  to biomass - fired power plants . The latter 

is relied upon rather heavily by many climate neutral scenarios compensating unavoidable 

greenhouse gas emissions through negative emiss ions from BECCS.  However, upgrading 

                                           
29 For a number of major biomethane producers including Germany and the UK, the quantities injected into the network are not listed in 

Scarlat, N.; Dallemand, J.-F.; Fahl, F. (2018), Biogas. In: Renewable Energy; therefore, the quantity of biomethane injected into the 
network is probably much higher. 
30 Scarlat, N., Dallemand, J.-F., Fahl, F., Monforti, F., & Motola, V. (2018). A spatial analysis of biogas potential from manure in Europe. 
Renewable and Sustainable Energy Reviews 94(2018): 915-930. 
31 Scarlat, N.; Dallemand, J.-F.; Fahl, F. (2018). Biogas: Developments and perspectives in Europe. Renewable energy 129(2018): 457-472. 

DOI: https://doi.org/10.1016/j.renene.2018.03.006; European Biogas Association (2017), Statistical Report of the European Biogas 

Association 2017, Brussels 
32 Kovacs (2015). Biomethan ï Beitrag zur zukünftigen Energieversorgung in Europa, European Biogas Association, Berlin, 4/27/2015. 
33 GreenGasGrids (2012). GGG Workshop Biomethane Trade, Brussels & GreenGasGrids (2013). Biomethane Guide for Decision Makers, 
Oberhausen. 
34 Deutsches Biomasseforschungszentrum - DBFZ (2016). Bewertung technischer und wirtschaftlicher Entwicklungspotenziale künftiger 

und bestehender Biomasse-zu- Methan-Konversionsprozesse. 
35 Dena (2017), Rolle und Beitrag von Biomethan im Klimaschutz heute und in 2050 
36 DVGW (2018), Die Rolle von Gas im zukünftigen Energiesystem 
37 Navigant (2019). Gas for Climate. The optimal role gas in a net-zero emissions energy system, Utrecht. 
38 Ibid. 
39 Kovacs (2015), Biomethan ï Beitrag zur zukünftigen Energieversorgung in Europa, European Biogas Association, Berlin, 4/27/2015. 

https://doi.org/10.1016/j.renene.2018.03.006
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biogas to biomethane includes capturing the CO 2 contained in the biogas. These carbon 

streams could be transported and geologically stored resulting in negative emissions. The 

costs of CO 2 transport and storage, however,  are not included in th e cost estimates of th is 

study.  

 

The mid - term potential is based on projections for annual biomethane and biogas 

production by 2020/30 taking into account various assumptions including policies, 

economic conditions, etc. Data considered here are notably taken from Ecofys 2018, 40  

Plank 2009, 41  CE Delft et al. 2017 ,42  Bundesministerium für Wirtschaft und Energie 2014. 43  

Both the technical potential and the mid - term potential include the current production; in 

other words, for arrivin g at the additionally available  potential, the current production 

needs to be deducted from the potential.  

 

The EU has significant technical biogas/biomethane production potentials. Conservative 

assumptions result in a potential of ~1 000 to 1 500  TWh per year 44  while assuming more 

progressive parameters results in potentials of up to 2 500 TWh per year 45 . For 

comparison, in 2016 the biogas production in EU28  was 193  TWh (of which 12  TWh 

biomethane), thus the biogas/biomethane potentials exceed the current pr oduction by a 

factor of 7 to 12.  

 
Figure 2-6 Potential biomethane production EU28  in 2050  

 
Sources: LBST based on data from EurObserv 2019, Online Data-Base. DBFZ 2016, Ecofys 2018, Navigant 2019, Scarlat et al. 

2018, Kovac 2015, DENA 2017, CE Delft et al. 2017, GreenGasGrid 2013, Biosurf 2015.46 

 

                                           
40 Ecofys (2018). Gas for Climate - The optimal role gas in a net-zero emissions energy system, Utrecht. 
41 Plank (2009). Biogas Road Map for Europe, Austrian Biomass Association, 9/22/2009. 
42 CE Delft, Eclarion & Wageningen Research (2017). Optimal use of biogas from waste streams. 
43 Bundesministerium für Wirtschaft und Energie (2014), Potenziale der Biogasgewinnung und Nutzung 
44 Navigant (2019), Gas for Climate. The optimal role gas in a net-zero emissions energy system, Utrecht & Ecofys (2018), Gas for Climate 
45 Kovacs (2015), Biomethan ï Beitrag zur zukünftigen Energieversorgung in Europa, European Biogas Association, Berlin, 4/27/2015 & 

Deutsches Biomasseforschungszentrum - DBFZ (2016). Bewertung technischer und wirtschaftlicher Entwicklungspotenziale künftiger und 

bestehender Biomasse-zu- Methan-Konversionsprozesse 
46 Deutsches Biomasseforschungszentrum - DBFZ (2016), Bewertung technischer und wirtschaftlicher Entwicklungspotenziale künftiger 
und bestehender Biomasse-zu- Methan-Konversionsprozesse; Ecofys (2018). Gas for Climate - The optimal role gas in a net-zero emissions 

energy system, Utrech; Navigant (2019). Gas for Climate - The optimal role gas in a net-zero emissions energy system, Utrecht; Scarlat, N., 

Fahl, F., Dallemand, J-F., Monforti, F., & Motola, V. (2018). A spatial analysis of biogas potential from manure in Europe. Renewable and 
Sustainable Energy Reviews 94(2018): 915-930; Kovacs (2015). Biomethan ï Beitrag zur zukünftigen Energieversorgung in Europa, 

European Biogas Association, Berlin, 4/27/2015; DENA, LBST (2017). "E-Fuelsò Study, The Potential of electricity-based fuels for low-

emission transport in the EU, Berlin; CE Delft, Eclarion & Wageningen Research (2017). Optimal use of biogas from waste streams; 
GreenGasGrids (2013), Biomethane Guide for Decision Makers, Oberhausen; Biosurf (2015). Report on current and future sustainable 

biomass supply for biomethane production 
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For this study, a conservative technical biogas/biomethane production potential of 1 150 

TWh/yr has been assumed for EU28  (see Figure 2-6). Competing uses of areas have  been 

taken into account by  giving priority to food and feed production as well as to material 

use , by excluding round wood for bioenergy beyond current use, and by limiting energy 

crops to a value compatible with sequential cropping 47 ; all other feedst ocks are residues 

and wastes. Subtracting the current biogas production, results in an additionally available  

potential of  957  TWh/yr. This additional potential may  grow until 2050 if the current use 

of bioenergy, e.g. for electricity or heat production, would d ecrease as a consequence of 

energy efficiency measures and thus would make  bioenergy resources available for 

biomethane production.  This impact would not directly change the overall technical 

potential, but it may affect the  scenario calculations.  

 

Detailed, bottom -up technical potential data by Member State and by feedstock are 

lacking; most studies analyse EU28  as a whole. CE Delft et al.  have carried out an analysis 

by Member State 48 , however, this has to be considered as a mid - term potential rathe r 

than a technical potential. The GreenGasGrids and the BIOSURF projects have published 

detailed assessments of selected, but not all, Member States. 49  A detailed country analysis 

has been carried out by Scarlat, N. et al . 2018 for manure, which provides fo r a limited 

contribution to the technical potential. 50   

 

The total technical biomethane production potential of 1 150 TWh/yr assumed for this 

study is broken down by feedstock as shown in Table 2-1. In order to estimate the 

biomethane  potential for each Member State, the total potentials were broken down by 

country for each feedstock separately in a simplified approach. Figure 2-7 shows the 

resulting overall biogas /biomethane  production potential by country and by feedstock.  
 

Table 2-1 Estimates of biomethane production potential EU 28 by feedstock  

Substrate  Gas production potential in TWh/yr  

Agricultural biomass  
  of which manure  
  of which energy crops  

639  
160  
479  

Biological waste  
  of which household waste  
  of which municipal waste  

100  
80  
20  

Straw  90  

Forestry  residues  298  

Sewage sludge  24  

Total  1,150  

 

                                           
47 Navigant (2019). Gas for Climate. The optimal role gas in a net-zero emissions energy system, Utrecht. 
48 CE Delft, Eclarion & Wageningen Research (2017). Optimal use of biogas from waste streams. 
49 GreenGasGrids (2012). GGG Workshop Biomethane Trade, Brussels. & Biosurf (2015). Report on current and future sustainable biomass 

supply for biomethane production. 
50 Scarlat, N., Fahl, F., Dallemand, J.-F., Monforti, F., & Motola, V. (2018). A spatial analysis of biogas potential from manure in Europe. 

Renewable and Sustainable Energy Reviews 94(2018): 915-930. 
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Figure 2-7 Technical bio methane potential EU28  by Member State and by feedstock  

 
 

Sources: LBST based on data from DBFZ 2016, Ecofys 2018, Scarlat et al. 2018, DBFZ 2007, Kovac 2015, DENA 2017, CE Delft 

et al. 2017, GreenGasGrid 2013, Biosurf 2015. 51 

2.3.3  B IOMETHANE PRODUCTION  COST  

Biomethane production co sts have been assessed based on a literature review including 

the following sources: European Biogas Association 2016, 52  IEA Bio energy 2014, 53  

University of Oxford 2017, 54  Kovacs 2015, 55  Navigant 2019. 56  

 

Biomethane costs include biogas production costs, costs of upgrading to biomethane, and 

injection costs into the gas network. Biogas production costs vary significantly by 

substrate, and also by plant size, by technology applied and further parameters. For each 

Member State, biomethane production costs by subst rate were combined with the country 

potential for production from these substrates to give a weighted average production cost 

per country (see Table 2-2).  

                                           
51 Deutsches Biomasseforschungszentrum - DBFZ (2016), Bewertung technischer und wirtschaftlicher Entwicklungspotenziale künftiger 

und bestehender Biomasse-zu- Methan-Konversionsprozesse; Ecofys (2018). Gas for Climate - The optimal role gas in a net-zero emissions 

energy system, Utrecht; Scarlat, N., Fahl, F., Dallemand, J-F., Monforti, F., & Motola, V. (2018). A spatial analysis of biogas potential from 
manure in Europe. Renewable and Sustainable Energy Reviews 94(2018): 915-930; Kovacs (2015). Biomethan ï Beitrag zur zukünftigen 

Energieversorgung in Europa, European Biogas Association, Berlin, 4/27/2015; DENA, LBST (2017). "E-Fuelsò Study, The Potential of 

electricity-based fuels for low-emission transport in the EU, Berlin; CE Delft, Eclarion & Wageningen Research (2017). Optimal use of 
biogas from waste streams; GreenGasGrids (2013), Biomethane Guide for Decision Makers, Oberhausen; Biosurf (2015). Report on current 

and future sustainable biomass supply for biomethane production 
52 European Biogas Association (2016) Biomethane in Transport. 
53 IEA Bionergy (2014). Biomethane - Status and Factors Affecting Market Development and Trade. A Joint Study by IEA Bioenergy Task 

40 and Task 37. 
54 University of Oxford (2017) Biogas: A significant contribution to decarbonising gas markets?, Oxford. 
55 Kovacs (2015). Biomethan ï Beitrag zur zukünftigen Energieversorgung in Europa, European Biogas Association, Berlin, 4/27/2015. 
56 Navigant (2019). Gas for Climate. The optimal role gas in a net-zero emissions energy system, Utrecht. 
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Table 2-2 Weighted average biomethane production costs by Member State; production costs by 
feedstock  

Biomethane production,  upgrade and injection  Crops  Manure  
Biological 
waste  

Sewage 
sludge  

Forest ry Straw  

in:  ct/kWh   ct/kWh  ct/kWh  ct/kWh  ct/kWh  ct/kWh  ct/kWh  ct/kWh  

Austria  6.56  Italy  6.78  

8.5  6.3  6.5  4.5  4.9  8.5  

Belgium  6.81  Latvia  6.51  

Bulgaria  7.59  Lithuania  7.34  

Croatia  7.52  Luxembourg  6.82  

Cyprus  7.17  Malta  6.76  

Czech 
Republic  

7.26  Netherlands  6.77  

Denmark  7.57  Poland  7.36  

Estonia  6.38  Portugal  6.56  

Finland  5.64  Romania  7.67  

France  7.25  Slovakia  7.02  

Germany  7.14  Slovenia  5.87  

Greece  7.03  Spain  7.03  

Hungary  7.78  Sweden  5.74  

Ireland  6.52  UK  7.10  

 

2.3.4  EASTERN EUROPE ï POTENTIAL FOR BIOMET HANE IMPORT AND 

COSTS  

Russia, Ukraine and Belarus have an interesting technical potential for biogas production 

(see Table 2-3). 57  However, the domestic energy demand and the need to decarbonise the 

national energy supply in the future m ay only leave limited room for exports of biomethane 

to the Europe Union. Future energy policies , production practices  and the regulatory 

environment in these countries together with the policy and market development in the 

European Union , will decide on w hether importing biomethane will become a realistic 

option. So far, the biogas sector in the three countries is in very early stages; biomethane 

upgrading is not applied yet.  

 
Table 2-3 Estimates of biomethane  production potential in Eastern Europe 58  

 Biomethane production potential  Production costs  

Country  TWh/yr  Ct/kWh  

Russia  732  7.5  

Ukraine  212  7.5  

Belarus  41  7.5  

 

3  TECHNICAL AND ECONOMI C IMPACT OF INCREASI NG INJECTION OF 

BIOMETHANE AND HYDRO GEN INTO GAS INFRASTRUCTURE  

3.1  TODAYôS EUROPEAN GAS INFRASTR UCTURE AND ITS MAJOR  COMPONENTS 

FOR TRANSPORT AND DI STRIBUTION  

The European natural gas network across the EU  Member States constitutes more than 

200,000 k m  of transmission pipelines, over  2 million k m  of distrib ution network and over 

20,000 compressor and pressure reduction stations 59 ; in  2017 natural gas represented 

22% of the EUôs total final energy consumption.60  The share of biomethane and hydrogen 

                                           
57 Deutsches Biomasseforschungszentrum - DBFZ (2012) 
58 Deutsches Biomasseforschungszentrum - DBFZ (2012) 
59 Council of European Energy Regulators (2018). CEER Benchmarking Report 6.1 on the Continuity of Electricity and Gas Supply 
60 European Commission (2017). Energy balance sheets2017 Edition, Luxemburg. 
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in the European gas  network is still rather low, but it is expected to substantially increase, 

mainly as a result of decarbonisation targets and policies.  

 

While the current gas infrastructure (including end -use appliances) can in general be used 

for a mixture of natural gas and biomet hane, or for 100% biomethane, without major 

technical adaptations as long as the gas quality specifications are met, strict technical 

limitations apply for the admixture of hydrogen. Since hydrogen differs significantly from 

natural gas in its chemical pro perties, any admixture will have a direct effect on the gas -

mixturesô chemical and physical behaviours, including density, reactive properties, calorific 

value, ignition energy, flammability limits and burning velocity. Thus, existing networks 

that are des igned to transport and distribute natural gas can only be used to transport 

blends of natural gas and hydrogen up  to a certain limit, which can be different depending 

on the type and characteristics of the network one the one hand and the end -user 

applianc es on the other hand . For higher percentages of admixtures, and a fortiori for 

100%  hydrogen, technical modifications and/or new infrastructure or equipment are 

required.   

3.2  ASSESSMENT OF THE TEC HNICAL AND REGULATOR Y ADMIXTURE LIMITS 

FOR HYDROGEN AND BIO METH ANE  

3.2.1  TECHNICAL LIMITATIONS  FOR THE ADMIXTURE O F HYDROGEN  

The hydrogen admixture implications are widespread: transport or distribution 

infrastructure can either be highly sensitive concerning gas quality fluctuations or  be 

specifically suitable to accept la rge hydrogen admixture rates due to the point to point 

supply/demand connections being simpler to control. Today, there is no consistent policy 

and regulatory framework in place to allow small or large -scale injection of hydrogen to 

the gas network, neithe r at national nor at European level.  

 

The major concern of Gas  System Operator s  is the potential impact of hydrogen 

admixture on cross -border gas transmission and underground gas storage (UGS)  But even 

though smaller in number, hydrogen sensitive large volume industry end -users  are today 

also directly served from the transport network , necessitating the TSOs to control the 

hydrogen admixture rates in  their gas network. Moreover , as networks of Distribution 

System Operator (DSO) are fed by TSO pipelines, end -usersô restrictions concerning the 

hydrogen content valid for the DSO - level directly also affect the gas transporting  TSOs.  

 

Consequently, both DSOs and TSOs have to deal with the direct impact on end -use 

applications, resulting from higher or fluctuating hydrogen concentrations in the gas flow. 

In addition, the household sector is typically characterised by a seasonally fluctuating gas 

demand, making constant admixture rates a challenging control task and therefore 

requiring sufficiently lar ge sized hydrogen storage facilities to level out any hydrogen 

admixture versus hydrogen demand imbalances. The se storage facilities to be located at 

the interface from TSO and DSO could principally be operated by both TSO and DSO, with 

TSOs being in charg e of large -scale gas storage facilities while both TSOs and DSOs hav e 

experience in line -pack, which is used to balance out fluctuations.   

 

According to HyLaw 61 , a key concern for both gas network operators (TSOs and DSOs) 

and appliance sô producers is the t hreshold agreed for which overall appliance design and 

individual component changes will need to be made in the short -  or medium - term. As a 

first step in tackling the challenge of setting an acceptable hydrogen limit value for end -

user equipment, HyLaw rec ommends an EU wide assessment, covering both the 

acceptable safety and operational threshold of current generation end -user appliances by 

main category (domestic, commercial, industrial) for higher levels of hydrogen in the gas 

stream in conjunction with a  status quo supply chain assessment of the economic impact, 

                                           
61 HyLAW (2019) Deliverable 4.2- List of Legal Barriers. Available at https://www.hylaw.eu/sites/default/files/2019-01/D4.2%20-

%20List%20of%20legal%20barriers.pdf 

https://www.hylaw.eu/sites/default/files/2019-01/D4.2%20-%20List%20of%20legal%20barriers.pdf
https://www.hylaw.eu/sites/default/files/2019-01/D4.2%20-%20List%20of%20legal%20barriers.pdf
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if modifications are needed in certain categories of end -user equipment. This should be 

coordinated with the ongoing national initiatives to validate gas network operation with 

significantly highe r hydrogen concentrations that are being trialled (such as in DE, FR, NL 

& UK) and where the impact on gas appliances is also assessed.  

 

As a consequence, there is a need to take inventory of the various activities at EU level 

targeting a harmonization and  overcoming legal and regulatory barriers with respect to 

injecting hydrogen into the gas network (which is for instance also the objective of the 

HyLaw project); in order to avoid addressing this topic in silos, it is further recommended 

to organize a Eur opean round table with all relevant stakeholder groups and industry 

associations, West and East, for which the drafting of the EU Gas Market Regulation 

planned for 2019/2020 seems an appropriate opportunity.  

 

Nevertheless, it has to be assumed that the ne gotiation of an EU wide standard for 

admixture of hydrogen may take a long time, especially given the regulatory complexity 

and diversity of stakeholders. For example, negotiating the standard CEN/TC 408 ñNatural 

gas and biomethane for use in transport and  biomethane for injection in the natural gas 

gridò,62  with the aim to harmonise the quality of biomethane across the EU, took six years 

from 2011 to 2017. With over 470 million gas appliances in the EU that would be affected 

by a change in gas composition, and given that the sectors Industry and Power generation, 

which have some of the most sensitive end -users and account for over 50% of total gas 

use in the EU, finding a common denominator will be a daunting task. 63  

 

As a consequence, the current practice is  that permitting hydrogen admixture to the gas 

network is considered on a case by case basis, with the outcome that Power - to -Gas (PtG) 

facilities are run on a demonstration basis or óby exceptionô. This provides according to 

Hylaw (2018)  no sound framework  to create a business case for the widespread rollout of 

PtG operations. 64   

 

Furthermore, adding hydrogen to the gas stream changes the calorific value and the 

Wobbe - Index 65  of the gas mix and thereby the basis for metering and billing gas supplies 

under contract to major and multiple users or into distribution networks. Therefore, 

significant investments will be required in qualified flow monitoring/measurement 

equipment and/or revisions to regulated national gas metering and billing terms ï and 

may  also  constrain international gas flow arrangements.  

 

Managing volatility in the gas composition and in particular variations of the calorific 

valorific of the gas mix will be a crucial success factor to enable higher hydrogen 

concentrations, beyond techn ical adjustments to end -user equipment. One way out are 

constant admixture rates through sufficiently sized hydrogen storages at the TSO/DSO 

interface, to allow the gas network to offer its dampening service for fluctuations in the 

electricity network typi cally understood as a key task of Power - to -Gas concepts. Without 

sufficiently large scaled storage capacities, the necessity of constant admixture rates 

seems to be in strong contradiction to the promise of PtG facilities to serve as a flexibility 

mechanis m to support the electricity network in balancing its own fluctuations resulting 

from an increasing share of intermittent renewables. 66   

 

Imbalances are expected to be likely among Member Statesô interests and óurgency to actô 

when it comes to adjusting or drafting EU wide regulations to enable higher hydrogen 

concentrations in the gas network. To illustrate this point:  

                                           
62 CEN (2018). New CEN Standards - Biomethane standards to mitigate climate change. 
63 DG ENER (2018). The Role of Trans-European Gas Infrastructure in the Light of the 2050 Decarbonisation Targets, 2018. 
64 HyLAW (2018). Cross-country comparison. 

65 Wobbe index or Wobbe number: The WI is an indication of the interchangeability of different energy or fuel gases (e.g. natural gas, 

liquefied petroleum gas (LPG) as well as town gas containing a hydrogen share). It mainly considers the gasesô higher heating (or calorific) 
value and specific gravity. 
66 Yet, this is only one objective of PtG concepts; others being to provide a CO2-lean or eventually CO2-free fuel to industry and mobility. 
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¶ Only five countries (Germany, UK, Italy, the Netherlands and France) account for 

around two - thirds of gas use in Europe. 67  

¶ More than 50% of a ll Power - to -Gas demonstration plants in the EU are located in 

Germany. 68  

¶ The UK is currently leading efforts in trialling hydrogen to fully replace natural gas 

by 100% hydrogen in local/residential gas networks (see for example the Leeds 

CityGate project 69  or HyHouse 70 , HyDeploy 71 , HyNet 72  and Hy4Heat 73).   

¶ The Netherlands has very ambitious plans for the introduction of hydrogen, as 

fossil gas is supposed to be widely phased out by 2030. 74  

 

As an alternative approach to an EU wide harmonization,  it may therefore b e easier and 

quicker to explore options for creating ñfavourableò regulation at DSO level in individual 

Member States that allow the creation of locally ñringfencedò sections of the network that 

run on higher hydrogen concentrations,  favourably at 100% hyd rogen, as is being 

suggested for trial in the UK. Promoting such ñislandsò will provide very valuable learnings 

and operational experience and enable a scale -up by connecting adjacent ñislandsò over 

time. On the other hand, also selected TSOs are keen to i nitiate hydrogen admixture rates. 

These approaches have a high risk of failure unless  

¶ an EU wide regulated agreement with one single admixture rate (e.g. 10 or 20 

vol%) can be put into place in EU28  as soon as possible 75 , or  

¶ technologies to extract the hydr ogen from mixed flows can be installed in 

networks, which are hydrogen sensitive (e.g. CNG fuelling stations). These  

additional investments could however  challenge the economics of these network 

sections or appliances.  

 

Even if a (constant) 10 -20 vol% admi xture rate may be technically feasible (both at TSO 

and DSO level), the cost -benefit of the necessary adjustments seems more questionable 

and cannot be conclusively answered today; all the more as the volumetric energy content 

of hydrogen is around one thi rd only of natural gas, unless flow velocities are significantly 

increased (e.g. doubled to about 20 m/sec).  

 

From this perspective, a direct shift to a dedicated hydrogen (pipeline) infrastructure 

probably also on TSO level may be a more preferable and cost -effective approach to supply 

e.g. those industry branches seeking to de -carbonise their operations , such as the steel, 

chemical or cement industry. Dedicated hydrogen pipelines would avoid the necessary and 

potentially incremental adjustments of the e xisting gas infrastructure and end -use 

applications (this could be the subject of a separate study, which would investigate the 

(CO2) cost -effectiveness of incremental adjustments of the existing gas network to higher 

hydrogen concentrations vs. directly building a dedicated hydrogen pipeline 

infrastructure). This approach would furthermore be the key to provide fuel cell grade 

hydroge n for the mobility sector, and hence allow to taking profit from doubling the 

efficiency of internal combustion by fuel cell electric engines for mobility. Building such a 

dedicated hydrogen gas infrastructure could be started by converting segments of the  

existing natural gas network to 100% hydrogen, where early local business cases could 

emerge, e.g. with an industrial end -user. Over time, these building blocks could be merged 

to establish a wider pure hydrogen pipeline network in a robust fashion (as il lustrated in 

Figure 2-5). The underlying assumption of this possible full conversion to hydrogen 

                                           
67 University of Oxford (2017). Biogas: A significant contribution to decarbonising gas markets? Oxford 
68 LBST, Internal Data, Munich. 
69 https://www.northerngasnetworks.co.uk/2017/04/27/northern-gas-networks-hydrogen-project-takes-step-forward-as-25-million-fund-

announced-for-hydrogen-in-homes/ 
70 http://www.igem.org.uk/media/361886/final%20report_v13%20for%20publication.pdf 
71 https://hydeploy.co.uk/ 
72 https://hynet.co.uk/ 
73 https://www.hy4heat.info/ 
74 van't Hof (2018). Energy transition in the Netherlands ï phasing out of gas, Ministry of Economic Affairs and Climate Policy. 
75 In chapter 3.2.3 detailed considerations are provided on gas grid implications from significant hydrogen admixture rates.   

https://www.northerngasnetworks.co.uk/2017/04/27/northern-gas-networks-hydrogen-project-takes-step-forward-as-25-million-fund-announced-for-hydrogen-in-homes/
https://www.northerngasnetworks.co.uk/2017/04/27/northern-gas-networks-hydrogen-project-takes-step-forward-as-25-million-fund-announced-for-hydrogen-in-homes/
http://www.igem.org.uk/media/361886/final%20report_v13%20for%20publication.pdf
https://hydeploy.co.uk/
https://hynet.co.uk/
https://www.hy4heat.info/
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anticipates that the need for natural gas will and has already begun in some Member 

States to decrease freeing transport and distribution capacity for hydrogen . 

 

3.2.2  TECHNICAL AND REGULAT ORY ADMIXTURE LIMITS  FOR BIOMETHANE  

In comparison to an admixture of hydrogen to the gas network, no technical or regulatory 

barriers exist, which might principally question biomethane admixture rates up to 100 

vol% as long as the technical specifications and standards, yet to be transferred to 

European Regulations or Directives, are fulfilled. Even though limited in occurrence, an 

issue of practical concern could be that in decentralised biomethane schemes (biomethane 

plants  injecti ng into the distribution network ), reverse flows with decentralised 

compression from distribution to transport network need to guarantee sufficient feed - in 

rates allowing for relevant business cases in (seasonal) periods of low gas demand 

(typically in sum mer).  

 

Also, and for the latter reason, biomethane admixed to the natural gas network should not 

be foreseen in distribution networks with hydrogen admixture, as hydrogen could then 

escape into transport network sections locked for hydrogen admixture, unl ess:  

¶ A fixed hydrogen admixture rate is enforced for the gas transport network 

Europe -wide, or  

¶ Hydrogen can be extracted from the bottom -up gas flow once it leaves the 

distribution network.  

3.2.3  POSSIBLE W AY FORWARD FOR HYDRO GEN ADMIXTURE  

When considering the f uture admixture of hydrogen and/or biomethane to the gas 

network, the  analysis has shown that transport and distribution networks (TSO/DSO level) 

have to be distinguished. Figure 3-1 illustrates and summarises the major constraints with 

respect to the inje ction of hydrogen and biomethane into the gas network, taking into 

account the TSO and DSO perspectives .  

 

Admixture of hydrogen to central parts of the gas transmission network, i.e. border -

crossing main pipes in one Member State, may carry hydrogen to an y location in the EU 

downstream of the injection point at an uncontrollable admixture level. Unless (locally) 

removed from the gas mixture ï which is neither to be considered cost -effective nor 

practical today, 76  as there may be no nearby end -user for the h ydrogen extracted ï this 

hydrogen could potentially affect any gas consumer across Europe and conflict with the 

current regulations on gas quality which are different for all Members States. As outlined 

above, a specific challenge will furthermore be cause d by the volatility of admixture over 

time and by region. Therefore, unless and until a harmonized regulation for Europe is in 

place (enforcing one harmonised and constant admixture rate of e.g. 10 vol%), hydrogen 

injection into cross -border transmission p ipelines cannot be considered a viable option. A 

low agreed admixture rate could also result in a lock - in at low energy level (10 vol% is 

equivalent to only about 3.5 energy%), and continuous rate increases would result in 

constant refurbishment investment s of all end -use applications. In other words, if the 

introduction of hydrogen into the transport network, i.e. also to import hydrogen from 

outside of Europe and admixed to the natural gas, then all possible efforts have to be 

undertaken to adapt the curr ent regulations Europe -wide, East and West.  

 

When it comes to the admixture of hydrogen to the distribution network, both a merit 

order from an economic perspective and the stepwise evolution of gas network sections 

being converted to a specific (and fixed ) hydrogen admixture or 100% refurbishment from 

a technical and regulatory perspective will need to be considered. Sections of the 

distribution network which can be ring - fenced from the surrounding gas network could be 

                                           
76 Ongoing research activities by the DVGW in Germany currently have been kicked-off to assess whether concepts for hydrogen separation 

may become economically viable to safeguarding hydrogen sensitive applications. 
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operated with gas mixtures at any hyd rogen share up to 100% (if permitted by national 

regulation) and theoretically different from sector to sector. Being technically possible, this 

would however not be in the interest of a common EU future gas infrastructure or 

equipment and appliances manuf acturers. In practice, however, admixture levels will be 

similar, as gas network components will hardly be developed for a large variety of 

admixture rates. The full conversion from 0 to 100 vol% hydrogen, probably only with a 

small investment increment ov er one single conversion to other admixture rates would 

have the additional benefit zero GHG emission reductions. However, this would imply a 

unidirectional flow of gas only from the transport to the distribution network and for that 

reason exclude decentr al biomethane added to the same network segment, which may 

have to leave the distribution in the direction of the transport network in periods of low 

gas demand. In principle, the need for re - injection to the TSO network level could also 

become the case on ce hydrogen is injected into the distribution network at large scale to 

provide sufficient capacity for high utilization operation even in periods of low local gas 

demand.  

 

Also, similar to the transport network, a constant hydrogen admixture rate would ne ed to 

be guaranteed at all times and in all locations, which in turn would require sufficiently 

large -scale hydrogen storage for controlled admixture at the point of gas entry from the 

transport level or decentral injection point. Industry or households co uld then be adjusted 

to the hydrogen admixture level, which may theoretically gradually grow over time at 

incremental steps. However, for the reasons explained above, this seems to be rather 

unrealistic.  

 
Figure 3-1 Boundary conditions for injection of hydrogen and biomethane into the gas network  
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4  ASSESSMENT OF THE SOC IO - ECONOMIC AND ENVIRON MENTAL 

COSTS AND BENEFITS O F INCREASED USE OF B IOMETHANE AND 

HYDROGEN  

4.1  DESCRIPTION  OF THE  ENERGY SYSTEM INTER LINKED MODEL  

The analysis of the trans -European power and gas infrastructure employs a dedicated 

modelling tool specifically designed by LBST to simulate and assess integrated electricity 

and gas energy systems.  

 

As depicted in the fig ure below , the model simulates the transport of the three major 

energy carriers electricity, (bio)methane and hydrogen which are needed to satisfy the 

corresponding end -user demand in the industry (conventional power demand, process 

heat and H 2 or CH 4 as f eedstock), buildings (conventional power, e.g. for appliances as 

well as energy for heating) and mobility sectors (fuel demand for vehicles in the different 

sub -sectors). In this study , the scenarios have an  explorative character regard ing  the 

demand for t he three  energy carriers.  The power sector is intrinsically considered in the 

model as the end -user demand includes electricity being one of the three energy carries 

within the simulation, whereas the supply of other energy carries such as coal or oil are 

out of the modelling scope.  

 

In this context, the energy supply in the model takes into account different power plant 

types (dispatchable and intermittent power plants) as well as import and production of 

biomethane and fossil CH 4. The interlinkages between the electricity and both gas 

infrastructures are represented by electrolysis, methanation facilities, steam reforming 

producing hydrogen from CH 4 with C arbon Capture and Storage , stationary fuel cells as 

well as H 2 and CH 4 turbines which allow conv erting one energy carrier into another. 

Additional flexibility in the system is provided by energy storage technologies (e.g. 

pumped hydro, stationary batteries, possibly (bio)methane and hydrogen storage) as well 

as further measures such as demand -side ma nagement and curtailment of renewable 

power supply.  

 
Figure 4-1 Energy system boundaries included within the quantitative analyses  
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The fundamental energy system model is formulated as a linear program with production, 

investment and transportation decision making assuming perfect foresight for hourly 

renewable generation and fuel demand profiles within a prototypical year. Due to the 

perfect competition assumption the underlying optimization algorithm  corresponds to a 

minimization of total system costs. For the sake of simplicity, the spatial and the temporal 

dimension of the optimization algorithm  are decoupled into separate model run s. This 

means that the hourly energy system and the limiting network topology are modelled in 

two consecutive modelling steps.  

 

In the first modelling step, the short - term unit operation and the long - term investment 

decisions are optimized simultaneously f or a European energy market and addressing all 

28 Member States. The target is to match the electricity and gas supply with the pre -

defined electricity and demand from all relevant energy consuming sectors for each hour 

of a prototypical year given the tec hnical constraints of the concerned technologies. An 

additional important constraint is represented by a GHG cap for energy generation limiting 

the operation of fossil power plants. Investments in end -user technologies such as vehicles 

are out of the model ling scope. In this modelling step we also neglect the network 

constraints and potential investments in network capacities, which are taken up 

subsequently.  

 

In the second step the model minimizes the transport costs for electricity, hydrogen and 

(bio)meth ane between the network nodes based on the results from the first and on the 

energy demand distributed across the nodes according to a predefined ratio. One major 

constraint is represented by balancing out the energy input (i.e. energy supply, storage 

outp ut, energy imports from other nodes) and energy output (demand, storage input, 

export to other nodes) for each energy carrier, node and hour of the year. Due to a strict 

separation of the temporal and spatial dimensions all time -depended decision variables  

from the first step (e.g. storage operation or investments in new capacities) are optimised 

in the first modelling step and are used as input parameters in the second modelling step. 

In order to ensure an economic operation of the infrastructure the resul ts from the network 

simulation are improved in an iterative approach to achieve a minimal utilisation of single 

lines between the network nodes.  

 

The major limitation of the selected modelling approach is the separation of the temporal 

and the spatial dime nsions into step 1 and 2. In this way, the model tends to 

underestimate the role of potential bottlenecks of the existing infrastructure when 

optimizing the investments in and operations of power and gas generation and conversion 

units. For example, using excess power generation from fluctuating renewable sources in 

remote areas for hydrogen production via electrolysis might result in large investments 

either in gas infrastructure capacities to transport renewable hydrogen from the remote 

areas to demand ce ntres or in power infrastructure to supply renewable power to 

electrolysis located close to places with substantial hydrogen demand. Hence on the one 

hand, the model does not provide optimal results on the exact geographical distribution of 

the abovementio ned units in order to minimize the infrastructure needs. A number of 

iterations between the two steps and sensitivity analyses might improve the reliability of 

the final outcome in this context. On the other hand, this approach allows for an optimal 

utilis ation of fluctuating power feed - in and required storage capacities in the seasonal 

context. In this way the model follows an approach associated with a European internal 

energy market without any discriminatory barriers for all market participants in all M ember 

States.  

 

A further limitation of the model relates to the fact that power and gas generation and 

conversion are summarized per technology type (e.g. power generation from nuclear fuel, 

coal, gas, etc.) rather than being modelled as individual units p er each technology type. 

Therefore, the techno -economic assumptions for the technologies such as efficiencies or 

specific costs represent average values and the corresponding results should also be 

interpreted as an average. In addition, the gird simulatio n is typically reduced to a l imited  
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number of grid nodes. In this way, the need for network capacities might be 

underestimated as some bottlenecks are neglected.  Also modelling of different prototypical 

years might be necessary to better understand the rol e of flexibility measures in system 

with large amount of renewable energy in particular taking into account the perfect 

foresight assumptions which allows for a more optimistic operation of the energy system 

in comparison to real conditions of limited fore sight.  

 

In addition, the selected model is a fundamental and deterministic model taking a top -

down approach for the representation of the energy system. In fact, it does not take into 

account the perspective of individual market participants, but rather mi nimizes the total 

costs from the perspective of the entire system. This implicitly assumes the existence of 

a perfect energy market without any information asymmetries and without strategic 

behaviour of single market participants. In this context, the mode l provides optimal results 

from the societal and macroeconomic perspective rather than from the business 

perspective of individual players. However , in reality potential imperfections in the market 

might lead to different outcomes in reality. The selected approach is a compromise 

between mathematical complexity, the required computational resources and the expected 

development of the future energy market taking into account transport infrastructures 

within one inter - linked model.  

4.2  SCENARIO DESCRIPTION AND GE NERAL BOUNDARY CONDI TIONS FOR 

ENERGY SYSTEM MODELL ING  

The scenarios for further analyses are based on the three storylines ñStrong 

electrificationò, ñStrong development of carbon-neutral methaneò and ñStrong 

development of hydrogenò from the gas infrastructure study. 77  The major drivers for the 

scenario definition are the GHG emission reduction targets, end user decision s regarding 

the final applications 78  as well as the strategy for the gas infrastructure to follow these 

decisions . In general, however, the scenarios in this study have an explorative character 

regarding the demand for the major energy carriers.  

 

The three considered  scenarios assume ambitious reduction targets for GHG net emissions 

of 49% by  2030 and 100% by  2050 in comparison to the 1990 levels for the entire energy 

system. These targets  are based on the ñ1.5TECHò scenario from the European 

Commissionôs long term strateg ic vision  (LTS) 79  aiming to achieve the 1.5°C target in  2050 

by taking into account all te chnical options for GHG reduction. According to the LTS this 

means full decarbonisation and even the use of C arbon Capture and Storage (CCS)  and 

Carbon Capture and Use (CCU)  technologies 80  within the energy system as a certain 

amount of GHG emission s such a s from some industrial processes or agriculture can be 

considered as ñunavoidableò. 

 

The end user decisions  regarding their choice of final applications in the different demand 

sectors are the major driver for electricity and gas demand in the scenarios of  this study. 

These decisions  are based on the expected behaviour and economic considerations from 

the end user perspective being supported by different regulatory frameworks in particular 

in regard to the GHG emission reduction targets. 81  These qualitative aspects are in line 

with the storylines from the previous gas infrastructure study and are used for a bottom -

up quantification of the final demand for electricity, (bio)methane and hydrogen within the 

transport, residential & services as well as industry s ectors.  

                                           
77 DG ENER (2018). The Role of Trans-European Gas Infrastructure in the Light of the 2050 Decarbonisation Targets. 
78 In the context of this study end user decisions are assumed to take into account different influencing factors such as personal preferences, 
regulatory aspects, taxation, market decisions, etc. 
79 EC (2018). A Clean Planet for all A European strategic long-term vision for a prosperous, modern, competitive and climate neutral 

economy. 
80 Detailed modelling of the GHG emission in the context of CCS and CCU is out of scope of this study. 
81 In contrast to the LTS this study assumes for the three scenarios different shares of power, methane and hydrogen for end-use applications 

under the same set of boundary conditions which come only partially from the LTS. The assumed penetration of different end-user 
applications in the respective end-use sectors corresponds to different end-user choices based on the outcomes of the gas infrastructure study 

(DG ENER 2018. The Role of Trans-European Gas Infrastructure in the Light of the 2050 Decarbonisation Targets). 
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Another driver for the underlying scenarios is represented by the expected strategy to 

switch from natural gas to biomethane or hydrogen which has to be in line with the 

abovementioned demand trends and predefined GHG emission reduction targets. In this 

context, the three  scenarios have been defined with corresponding boundary conditions 

for both time horizons 2030 and 2050 (see also Table 4-1):  

 

¶ Scenario 1 ï ñStrong electricity end-useò corresponds to the storyline ñStrong 

electrificationò with stronger focus on  electricity -based applications and thus power 

as a major energy carrier for renewable energy supply. Hence, lower overall gas 

demand in comparison to other scenarios is expected a lthough methane and also a 

small amount of hydrogen can be used for applications which do not lend 

themselves for direct electrification. The gas infrastructure at TSO level (national 

and cross -border) is expected to transport mainly natural gas until 2030  which is 

gradually substituted by biomethane and potentially synthetic methane from 

Power - to -Methane (PtCH 4) in case biomethane is insufficient to satisfy the demand 

for a given GHG reduction target. The supply of natural gas is expected to follow 

the est ablished import routes in Europe whereas the biomethane is injected into 

the gas network according to its potential per Member State giving preference to 

the most economic biomethane sources. The supply of synthetic methane follows 

the availability of rene wable power generation. In general, dedicated hydrogen 

infrastructure at TSO level is not foreseen in this scenario except to single and 

separate national H 2 pipelines in case they are needed to provide larger amounts of 

hydrogen for big demand hubs in the  long - term. The infrastructure at DSO level 

allows for limited admixture of hydrogen up to a predefined rate until 2030 which 

then can be converted to limited and separated hydrogen networks until 2050. In 

addition, the limited hydrogen production is expec ted in close proximity to the 

demand and the energy storage in the context of seasonality is provided solely by 

large -scale CH 4 storage. In this way, parallel gas infrastructures for methane and 

hydrogen can be avoided.  

 

¶ Scenario 2 -  ñStrong green methane end -useò corresponds to the storyline 

ñStrong development of carbon-neutral methaneò where (bio)methane plays a 

major role as an energy carrier according to end user decision s and the overall gas 

demand is higher than in the other scenarios. Electricity -based applications are 

used where technologically and economically suitable. The development of gas 

infrastructure follows similar trends as in Scenario 1 in order to avoid parallel 

pipelines for methane and hydrogen.  

 

¶ Scenario 3 -  ñStrong hydrogen end-useò: corresponds to the storyline ñStrong 

development of hydrogenò with hydrogen as a major energy carrier. Nevertheless, 

the hydrogen demand is expected to remain rather limited in the mid - term until 

2030 due to availability of the hydrogen -based applications . Hence, until 2030 

methane is still transported at TSO level and CH 4 storage is used as a seasonal 

storage. At DSO level hydrogen can be injected into few separate pure H 2 

networks. The use of the gas infrastructure is expected to change significantly in 

the long - term. By then electricity is used only for those applications which are 

technologically and economically suitable and more efficient than hydrogen 

applications. Methane demand is expected to decrease substantially according to 

the end user decisio ns. In order to avoid parallel gas infrastructures mainly 

hydrogen is transported and distributed at all levels of the network. Seasonal gas 

storage is provided by large -scale underground salt caverns. For the remaining 

methane demand the systems foresees local CH 4 supply within small and isolated 

distribution networks.  
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Table 4-1 Scenarios based on the three storylines from the gas infrastructure study 82  for a more 
detailed quantitative assessment  

 Scenario 1  Scenario 2  Scenario 3  

Storyline from the gas 

infrastructure study  

ñStrong electricity  

end -useò 

ñStrong green methane  

end -useò 

ñStrong hydrogen  

end -useò 

Time horizon  2030  2050  2030  2050  2030  2050  

GHG emission reduction target  

Total GHG emission 

reduction incl. 

LULUCF* vs. 1990  

-49%  -100%  -49%  -100%  -49%  -100%  

End user decision s 

End -user decision s 

regarding the 

applications in 

demand sectors  

Focus on  electricity -based  

end user applications  

Focus on  methane -based  

end user applications  

Focus on  hydrogen -based  

end user applications  

Major energy carrier 

for renewable energy 

supply  

Electricity  

(followed by methane and 

hydrogen for application 

which cannot be electrified)  

 

 

Biomethane  

(followed by electricity 

where technologically and 

economically suitable; in 

addition small portion of 

hydrogen demand)  

Hydrogen  

(followed by electricity where 

technologically and economically 

suitable; in addition small portion 

of biomethane demand)  

Strategy for the gas infrastructure to follow end user decisions  

Gas type expected 

within international 

cross - border gas 

infrastructure  

Natural gas 

followed by 

biomethane  

Biomethane 

followed by 

synthetic 

methane  

Natural gas 

followed by 

biomethane  

Biomethane 

followed by 

synthetic 

methane  

Natural gas 

followed by 

biomethane  

Hydrogen  

Utilisation of 

dedicated hydrogen 

infrastructure by 

national TSO and DSO  

Mainly 

hydrogen  

admixture at 

distribution 

level  

Limited and 

separated 

hydrogen 

networks 

possible  

Mainly 

hydrogen  

admixture at 

distribution 

level  

Limited and 

separated 

hydrogen 

networks 

possible  

Limited and 

separated 

hydrogen 

networks (only 

DSO)  

Yes,  

limited and 

separated 

methane 

networks 

possible  

Regional distribution 

of methane supply  

For natural gas according to import routs and production sites  

For biomet hane according to availability and supply costs  

For PtCH 4 according to renewable power supply  

Close to 

methane 

demand  

Regional distribution 

of hydrogen supply  In close proximity to hydrogen demand  

Close to 

renewable 

power supply  

Gas storage in the 

context of seasonality  

 

Conventional large -scale CH 4 storage  

Underground H 2 

storage in salt 

caverns  

* LULUCF : Land use, Land-Use Change and Forestry 

4.3  MAJOR ASSUMPTIONS FOR  THE ENERGY SYSTEM MODELL ING  

The focus of this study is on domestic hydrogen production from renewable power via 

water electrolysis (referred to as Power - to -Hydrogen ï PtH2) and technologies for 

biomethane production including 1 st  and 2 nd  generation technologies. 83  Therefore, other 

sources for hydrogen supply such as imports, by -pro duct, or its production from biomass 

are excluded from further analysis. The only exception is conventional hydrogen 

                                           
82 DG ENER (2018). The Role of Trans-European Gas Infrastructure in the Light of the 2050 Decarbonisation Targets. 

83 1
st generation biogas: anaerobic decomposition of organic waste or in other words by the natural breakdown of organic matter of different 

type. 2nd generation biogas is usually produced by gasification of e.g. ligno-cellulosic biomass (wood and straw), dubbed as 

ñthermochemical conversionò. 
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production from steam methane reforming (SMR) with carbon capture and storage (CCS) 

within a transition phase until 2030. Regarding the pro duction of synthetic methane via 

Power - to -Methane (PtCH 4) CO 2 supply for the methanation process is based on biogenic 

sources and direct air capture excluding fossil sources. However, the CO 2 supply and CO 2 

sources for Power - to -Methane conversion are not c onsidered in this study.  For the sake of 

transparency, the study also excludes imports of synthetic fuels produced via Power - to -

Liquids (PtL), 84  liquefied natural gas (LNG) technologies, such as liquefaction plants or 

trailers, as well as dedicated LNG infr astructure in terms of direct LNG use (e.g. by LNG 

trucks).  

4.3.1  GENERAL BOUNDARY COND ITIONS  

The energy prices for further calculations presented in Figure 4-2 are in line with ENTSOG 85  

values being mainly based on the ñNew Policies Scenarioò from  the IEA. 86  In t his context, 

the major energy price increase is expected for oil (three - fold increase) and natural gas 

(by more than 60%). All other energy prices remain rather stable. 87  The carbon prices in 

2030 correspond to the figure of 84 ú/tCO2 used  by ENTSOG 88  for it s ñSustainable 

Transitionò scenario. In 2050 the carbon price is expected to increase substantially up to 

350 ú/tCO2 as predicted by the LTS. 89  The discount rate for valuation of investment outlays 

is 3% being in line with the average rate for conservative GDP growth of 1% in Europe as 

presented by Steinbach and Staniaszek  (2015) .90  It is considered as a social discount rate 

without any margins for individual market participant s as the modelling of the energy 

system is conducted from the macroeconomic perspective taking into account societal time 

preferences.  

 

In order to achieve a good balance between modelling resolution and flexibility each EU28  

Member State 91  is represented by  one power and gas network node. We assume no further 

network constraints within the member states/sub - regions. In this way the computational 

time can be limited while the model still provides a sufficient level of detail for the most 

important aspects of the power and gas network. For the sake of consistency, a joint 

network mapping is conducted from the different country -specific nodes representations 

provided by ENTSOG and ENTSO -E. 

 

In line with the European Commissionôs long term strateg ic vision  (LTS) 92  the renewable 

feed - in accounts in 2030 for almost 60% of the total power demand including the 

anticipated losses from electrolysis, methanation and storage, and for more than 90% in 

2050. The split between the feed - in of fluctuating renewable sources is b ased on the 

ñ1.5TECHò scenario of the LTS indicating a comparable share between wind onshore (35%) 

and offshore (35%) as well as PV (30%) for both time horizons. For hydro power plants 

we assume constant energy production of ca. 300 TWh/a for both time hor izons. Moreover, 

there are no specific limitations for curtailment of renewable energy within the model. The 

geographical split of renewable power generation is based on the  potential.  

 

                                           
84 Additional demand for Power-to-Liquids (PtL) fuels from aviation and shipping in the EU from domestic production is addressed in a 
sensitivity analysis in Chapter 6.3.4. 
85 ENTSOG (2018), TYNDP, Brussels. 
86 IEA (2016). World Energy Outlook. 
87 The actual use of fossil fuels in the energy system is however a model output resulting from the price signals and GHG constraints. 
88 ENTSOG (2018). TYNDP, Brussels.  
89 EC (2018). A Clean Planet for all A European strategic long-term vision for a prosperous, modern, competitive and climate neutral 
economy. 
90 Steinbach, Jan, and D. Staniaszek. (2015). Discount rates in energy system analysis Discussion Paper." BPIE: Berlin, Germany (2015). 
91 The UK is considered in the EU for this study. 
92 European Commission (2018). A Clean Planet for all A European strategic long-term vision for a prosperous, modern, competitive and 

climate neutral economy 
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Figure 4-2 Assumed ene rgy (left) and CO 2 (right) prices for the  analysis  

 

4.3.2  OTHER ASSUMPTIONS  

The existing capacities of dispatchable power plants and pumped -hydro storage in 2030 

are taken from ENTSO -E TYNDP 2018 93  and are used for the geographical split of 

investments in new capacities. In 2050, the model assumes a refurbishment of existing 

nuclear and biomass capacities being available for comparatively cheap and GHG - free 

power generation. For all power plants, we  assume an availability factor of maximum 80% 

to take into account  planned revisions and outages.  

 

Stationary batteries are generally placed in close proximity to renewable power supply, H 2 

pipe storage close to hydrogen demand and H 2 salt caverns are loca ted, according to the 

HyUnder Project 94  in Member States with suitable geological formations (Germany, France, 

UK, Poland, the Netherlands and Denmark). Distribution of methane storage is derived 

from the data provided by GIE. 95  Electrolys ers are  placed acco rding to hydrogen demand 

in Scenario 1 and 2 as well as in 2030 in Scenario 3 as these scenarios exclude dedicated 

hydrogen cross -border transport infrastructure. In 2050 in Scenario 3, the electrolysis 

capacity is distributed according to renewable power supply. For methanation and 

biomethane supply, the opposite is true as in Scenario 1 and 2 and in 2030 in Scenario 3 

methane sources are distributed according to renewable power supply and biomethane 

potentials (taking the potential costs into account), re spectively. Only in 2050 Scenario 3, 

methane supply follows the demand as in this case no methane -based cross -border 

pipelines are expected.  

 

The corresponding existing capacities for power transmission network are derived from 

ENTSO-E TYNDP 2018. 96  For the sake of simplicity, power imports from outside the  EU are 

excluded from further analysis except for the utilisation of pumped -hydro storage in 

Norway and Switzerland.  

 

The existing capacities for the gas transmission network are derived from ENTSO G TYNDP 

2018 97  and take into account expected network enhancements with final investment 

decision (i.e. category ñlowò) until 2030. The natural gas supply is based on the import 

routes via pipelines (from Russia, Norway and North Africa) and LNG terminals i n 10 

Member States maintaining the historical split between different import routes , while  the 

declining domestic production of natural gas in Europe until 2030 is derived from 

ENTSOG. 98  In 2030 -2050 the limited natural gas demand is supplied by imports to Member 

                                           
93 European Network of Transmission System Operators for Electricity ï ENTSO-E (2018), TYNDP, Brussels 
94 HyUnder Project (2014). Assessment of the Potential, the Actors and Relevant Business Cases for Large Scale and Long Term Storage of 
Renewable Electricity by Hydrogen Underground Storage in Europe 
95 Gas Infrastructure Europe (2018), Aggregated Gas Storage Inventory, Online: https://agsi.gie.eu/#/ 
96 ENTSO-E (2018). TYNDP, Brussels. 
97 ENTSOG (2018), TYNDP, Brussels. 
98 ENTSOG (2018). TYNDP, Brussels. 
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States with large gas demand and already existing pipelines (from north, east and south) 

and LNG terminal infrastructure (the Netherlands, Italy, Spain and UK). Individual 

agreements on contracted gas infrastructure capacities between single operato rs are not 

included in the analysis as the gas flows are a result of the top -down modelling exercise 

from the EU -wide system perspective. The distances between the single network nodes 

for the power and gas network are calculated between the geographical c entre of each 

country based on the data provided by the e -Highways 2050 project. 99   

 

Time -dependent profiles include the hourly profiles for demand for power, hydrogen and 

methane in each end -user sector and sub -sector as well as country -specific profiles f or 

renewable feed - in. The demand profiles for electricity as well as renewable feed - in are 

taken from the ENTSO -E Transparency Platform. 100  In the transport sector the hourly 

power demand profile for BEVs is derived from Malling et al. (2015) 101  based on the 

charging behaviour of a typical end -user. For FCEVs and methane - fuelled cars a typical 

demand profile of a conventional refuelling station is assumed as proposed by LBST 

(2018a) 102  and LBST (2018b). 103  For the gas demand in industry we assume a constant 

profile . Heat demand profiles are based on historical temperature data from IEM (2019) 104  

and translated into actual power and gas demand by taking the (temperature dependent) 

efficiencies of the corresponding end user heating technologies into account. In particul ar, 

the electricity demand profile by heat pumps takes into account variable coefficient s of 

performance based on the outdoor temperature (i.e. lower COPs in the winter and higher 

in the summer).  

4.4  COST STRUCTURE FOR TH E NATURAL GAS NETWOR K AND FOR THE USE O F 

BIOMETHANE AND HYDRO GEN  

4.4.1  GENERAL UNDERSTANDING  OF POSSIBLE  DEVELOPMENTS OF GAS  

NETWORKS  

If hydrogen is supposed to be part of the European energy landscape, ultimately, a 

dedicated network separate from the methane network is required to serve specific e nd 

user applications. At  the beginning, a certain share stems solely from separate networks 

specifically designed for transporting hydrogen. This is what some Member States have 

already suggested and it is what we see in places such as the Orkney Islands o r in the 

Hoogeveen HYDROGREENN 105  City Heating project. 106  At this point, however, these are of 

limited  importance in terms of investments  and transported gas volumes . Once  a sufficient 

density of such local hydrogen distribution networks  will be reached , thes e can be 

connected to a larger hydrogen transmission network.  

 

It is widely assumed that the existing pipeline system can safely accommodate either 

biomethane of up to 100% or (bio)methane with a hydrogen admixture of up to 20 vol% ; 

some gas experts/TSOs consider however that the latter percentage is not feasible without 

(major) refurbishment . Given the limitations discussed in preceding chapters, we assume 

that there is zero hydrogen admixture to the transmission network, and 10% in dedicated 

and closed o ff parts of the distribution network by 2030. For 2050, the model assumes 

that a hydrogen admixture into the gas network does not make sense under any scenario, 

because:  

                                           
99 E-Highways 2050 (2015). A modular Development Plan for Pan-European Transmission System 2015 
100 ENTSO-E (2018), Transparency Platform, Online: https://transparency.entsoe.eu/ 
101 Mallig, N, Heilig, M, Weiss, C., Chlond, B. & Vortisch, P. (2015). Modelling the Weekly Electricity Demand Caused by Electric Cars. 

In: Procedia Computer Science (52) 444-451, DOI: 10.1016/j.procs.2015.05.012. 
102 LBST (2018b). Analysis Of The Macro-Economic And Environmental Benefits Of Power-To-Gas, Ottobrunn, 2018. 
103 LBST (2018b). Wasserstoffstudie Nordrhein-Westfalen, Düsseldorf, 2018. 
104 Iowa Environmental Mesonet, http://mesonet.agron.iastate.edu/request/download.phtml?network=ES__ASOS, datasets downloaded 2019 
105 HYDROGen Regional Energy Economy Network Northern Netherlands 
106 Willem Hazenberg 2018: HYDROGREENN ñHoogeveen HYDROGEN City Heating project". Groningen & Community Energy 

Scotland 2019: Surf 'n' Turf. Online: http://www.surfnturf.org.uk/page/introduction. 
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¶ there will be the necessity to sustain a dedicated methane gas network to collect 

biom ethane and to serve distinguished end -users,  

¶ a low admixture rate of 10 or 20 vol% does not contribute significantly to the 

required CO 2 emission reduction targets, nor does it reduce the costs associated 

with novel construction or retrofitting significant ly,  

¶ of its miniscule share of the total hydrogen quantities which will need to be 

distributed, and  

¶ of the fact that the dedicated hydrogen network will have grown to an extent 

which renders the efforts connected to hydrogen admixture to methane gas 

unprofi table.  

 

1.  For any excess hydrogen that cannot be admixed in 2030, new dedicated networks 

will have to be constructed or ï where capacity permits ï old ones have to be 

retrofitted and closed off.  

2.  If the share of methane, or more generally, the cumulative gas  demand, exceeds 

the 2015 network capacities, additional infrastructure will have to be built.  

 

4.4.2  COST STRUCTURE FOR ME THANE AND HYDROGEN N ETWORKS  

The cost structure for a hydrogen pipeline network is shown in Figure 5-4. 107  The highest 

share lies with constru cting the distribution network, followed by the transmission network 

and the compressor stations. Material costs themselves (mainly steel) are of minor nature.  

 
Figure 4-3 Average share of investment costs of  a pipeline network based on Krieg (2012)  

 
 

Investment Costs -  Pipeline Infrastructure  

The pipeline infrastructure of any gas network represents the highest share of costs. 

Admixing hydrogen to existing NG -networks impacts the pipelinesô ñmaterial strength, 

fracture toughness, enhanced fatigue crack growth rates, low cycle fatigue, subcritical and 

sustained load cracking, susceptibility to stress corrosion cracking, and hydrogen - induced 

cracking in welds and jointsò.108   

 

Since about 50% of the Europe an distribution infrastructure is made up of polyethylene 

pipes, 109  switching local distribution networks for entire cities or neighbo urhoods to 

hydrogen might be generally very feasible. Yet, technical approaches may be applied to 

adapt the existing steel p ipelines to hydrogen operation such as coating with liners or 

pulling in ñinflatableò pipes, further detailed analysis ongoing110 . The network conditions 

vary significantly from Member State to Member State. For example, while Ireland relies 

on polyethylene pipes to almost 100% for its  distribution network, only 5 2% of the 

distribution network in Romania has polyethylene pipes.  

 

                                           
107 Krieg, D. (2012), Konzept und Kosten eines Pipelinesystems zur Versorgung des deutschen Straßenverkehrs mit Wasserstoff, 2012, 

Forschungszentrum Jülich; Institut für Energie- und Klimaforschung, 
108 Argonne National Lab (2008), Argonne National Lab, Overview of interstate hydrogen pipeline systems 
109 Marcogaz (2014). Technical statistics 01-01-2013. 
110 See e.g. http://www.hypos-eastgermany.de/blog/single/forschungsvorhaben-h2-pims.  
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Reduced to the necessary minimum, the pipeline costs are a function of the pressure, 

diameter and the wall thickness of a pipe, as t hese three factors determine the material 

intensity. In alignment with general literature, this report assumes an average pressure 

level of 100 bar for the transmission network and 30 bar for the distribution network. It 

relies on synthesizing the findings  from existing studies for assessing the costs of pipelines 

qualifying to transport hydrogen. Figure 4-4 and Figure 4-5 summarize the available data 

from the available literature and display the costs per meter of building new transmission 

and distribution  pipelines; the dotted line represents an average of the literature sources 

displayed.  

 

Compressor and Pressure Reduction Stations  

Due to pressure losses during transport, compressor stations are indispensable in a 

pipeline networkôs transmission system. Radial compressors are the most suitable choice, 

as their technical specifications (compression ratio, transfer rate) provide optimum 

efficiency and performance. 111 ,112  Similar to pipeline costs, data on the costs of compressor 

stations varies significantly acr oss the available literature. In accordance with industry and 

synthesizing the data available, a large compressor stationôs costs are estimated to be 

about Mú 11.25 (not only including investment but also installation costs). 

 

When transporting gas to the end user in the distribution network, the most common 

approach is to decompress the gas via pressure reduction stations. High gas pressures 

typically are of little value for the average household and most industrial end -users, 

instead they rather pose a ri sk. A distinct difference can be observed for gas refue lling 

stations, methane or hydrogen, which require high pressure.  

 
Figure 4-4 Literature values for transmission network pipeline costs (inflation adjusted)  

 
 

                                           
111 Note that this does not apply to high pressure compressors at gas stations. 
112 Krieg, D. (2012). Konzept und Kosten eines Pipelinesystems zur Versorgung des deutschen Straßenverkehrs mit Wasserstoff, 

Forschungszentrum Jülich; Institut für Energie- und Klimaforschung. 
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Figure 4-5 Literature values for distribution network pipeline costs (inflation adjusted)  

 

Sources for both figures: Fraunhofer ISI 2010; Yang & Ogden (2007); Mitz et al. (2002); Ball (2006); Parker (2004); Johnson, 

N.; Ogden, J. (2012). 113 

 

Operation and Maintenance Costs  

Operation & maintenance costs (OPEX) are added as an annual percentage of the 

investment costs. Krieg (2012 ) gives an overview of existing literature on hydrogen 

pipelines, providing for a range of 1 -5% per year of the initial investment costs. In general, 

OPEX are assumed to be at the lower end of the range, higher values are barely 

substantiated, but are rath er assumed to provide for a conservative estimate taking into 

account technical uncertainties related to the limited experience with hydrogen pipelines. 

Newly built hydrogen pipelines require higher investment costs than methane pipelines, 

and the refurbis hment of methane pipelines to hydrogen requires investments. Similarly, 

operation and maintenance costs of hydrogen pipelines are higher in absolute terms than 

those of methane pipelines. 114  We assume here the same percentage for both methane 

and hydrogen pi peline OPEX, which leads to higher absolute OPEX for hydrogen pipelines. 

According to Krieg (2012) this may represent an acceptable level of OPEX for hydrogen 

pipelines, but more research would be needed to confirm this.  

 

As an example for methane pipeline  systems, absolute annual operation and maintenance 

costs in Germany are published by the Bundesnetzagentur for DSOs and for TSOs 

separately. 115  These values for the year 2015 are consistent with our cost estimates based 

on an OPEX percentage of 1% per year for DSOs, which has also been confirmed by the 

gas industry during stakeholder consultations for this study. It has to be acknowledged, 

however, that there are national variations. On this basis, an OPEX percentage of 1%/a 

for DSO networks is used here bot h for methane and for hydrogen.  

 

                                           
113 Fraunhofer ISI (2010). Vergleich von Strom und Wasserstoff als CO2-freie Endenergieträger, Karlsruhe; Yang, C.; Ogden, J. (2007). 

Determining the lowest-cost hydrogen delivery mode. International Journal of Hydrogen Energy 32(2): 268-286; Mitz et al. (2002). Cost of 
Some Hydrogen Fuel Infrastructure Options, 1/16/2002; Ball, M. (2006), Integration einer Wasserstoffwirtschaft in ein nationales 

Energiesystem am Beispiel Deutschlands. Optionen der Bereitstellung von Wasserstoff als Kraftstoff im Straßenverkehr bis zum Jahr 2030, 

Deutsch-Französisches Institut für Umweltforschung - Teilinstitut Karlsruhe; Parker, N. (2004). Using Natural Gas Transmission Pipeline 
Costs to Estimate Hydrogen Pipeline Costs & Johnson, N.; Ogden, J. (2012). A spatially-explicit optimization model for long-term hydrogen 

pipeline planning. In: International Journal of Hydrogen Energy. 
114 Costs for hydrogen pipeline repairs are higher because the pipes may be coated and welding seams would need special treatment. 
Furthermore, seals, meters and other components have to be checked and serviced more frequently. 
115 BNetzA (2019) Monitoringbericht 2018. 
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For TSOs, our calculations are consistent with the BNetzA (2019) absolute values at an 

OPEX percentage of 2.4%/a for 2015. It has to be noted that the operation and 

maintenance costs vary from one year to the other providi ng for an OPEX percentage 

range of 1.7%/a to 2.4%/a with an average over the years 2013 to 2018 of 2.0%/a. 

Acknowledging national variations also at TSO level, we assume an OPEX percentage of 

2%/a for TSO pipelines, both for methane and for hydrogen.  

 

International gas transport  

For international gas transport, pipelines with different transport capacities have been 

used depending on the required transport capacity. Typically, a compressor station is 

installed every 100 -200 km. 116  The selection of various  parameters (diameter for a given 

throughput, pressure, pipe roughness) of a pipeline system significantly influences the 

pressure drop and as a result the energy consumption for gas transport. There is a trade -

off between investment and low energy consump tion.  

 

For hydrogen transport coated steel pipelines are required, leading to higher costs. 117  

Compressor investment costs are 22 ú per kW of hydrogen, based on the lower heating 

value. 118  The volumetric gas transport capacity of a hydrogen pipeline is higher than that 

of a similar methane pipeline as the friction is lower and the gas velocity of hydrogen is 

higher compared. However, the energy content per volume is much lower for hydrogen 

(3.00 kWh per Nm³ versus 9.95 kWh per Nm³ based on the lower heating val ue). Overall, 

the energy - related transport capacity of hydrogen is somewhat lower than for methane.  

 

4.5  USE OF ELECTRICITY ,  METHANE AND HYDROGE N IN ENERGY END - USE 

SECTORS IN THE EU  IN 2015,  2030  AND 2050   

The energy demand from each energy use is developed based on selected literature and 

to respect the scenario definitions from the previous chapter. The resulting energy demand 

is derived from assumptions e.g. regarding the share of hydrogen fuel cell vehicles, it is 

not the result of economic or similar mod elling. The main aim is to develop energy demand 

values for three explorative scenarios with rather ambitious assumptions regarding the 

use of electricity, methane and hydrogen. To develop the input to the energy system 

model, the total energy end -use in E U member states is split into the energy use sectors 

transport, residential and services, and industry comprising multiple subsectors. The 

power generation sector is not included in this chapter as this sector is inherent calculated 

by the energy system mo del.  

4.5.1  TRANSPORT  

The development of the transport activity in Europe is based on the 1.5 °C scenarios in 

the LTS 119  and on the country specific developments presented in the EU Reference 

Scenario. 120 , 121  Between 2015 and 2050, a EU28  wide sector growth of about 2 1% for 

passenger cars and of about 40% for the road freight is assumed. The growth of the rail 

sector is assumed to be 85%. National and international aviation as well as inland and 

international shipping is not considered in this study. The future develop ment of specific 

fuel consumption for various propulsion systems and vehicle types) is based on VDAôs E-

fuel study. 122  The specific fuel consumption values are used to convert absolute fuel 

                                           
116 Cerbe, G.; Lendt, B. (2017). Grundlagen der Gastechnik; 8. vollständig überarbeitete Auflage, Carl Hanser Verlag München, ISBN 978-

3-446-44965-7 & Angloher; J.; Dreier, Th. (1999). Techniken und Systeme zur Wasserstoffbereitstellung; Koordinationsstelle der 

Wasserstoff-Initiative Bayern (WIBA). 
117 Parker, N. (2004). Using Natural Gas Transmission Pipeline Costs to Estimate Hydrogen Pipeline Costs. 
118 Parker, N. (2004). Using Natural Gas Transmission Pipeline Costs to Estimate Hydrogen Pipeline Costs. 
119 EC (2018). A Clean Planet for all A European strategic long-term vision for a prosperous, modern, competitive and climate neutral 
economy. 
120 EC (2016). EU Reference Scenario 2016 - Energy, transport and GHG emissions Trends to 2050, Brussels. 
121 The EU LTS 2018 data was applied to determine the overall change in transport activity, while the EU Reference scenario data was 
additionally considered to determine member state specific developments. 
122 VDA (2017). E-FUELS STUDY The potential of electricity-based fuels for low-emission transport in the EU. 
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demand of the transport sector between technologies and years based on national 

developments of transport activity.  

 

The share of GHG neutral propulsion systems for each member state was mainly 

determined based on national GHG reduction targets and the technology focus of each 

scenario.  In 2030, BEVs are virtually the only  new vehicle technology in the electric and 

hydrogen scenario. Hydrogen and ICE gas vehicles only play a minor role. In the methane 

scenario, ICE gas vehicles clearly outnumber battery vehicles. However, battery vehicles 

still play a relevant role. The fue l demand declines from about 3 500 TWh in 2015 to just 

above 3 000 TWh. The main reason for this decline is the improved efficiency of 

conventional ICE vehicles as well as a shift to efficient BEVs. Decline of fuel demand is less 

pronounced in the methane scenario due to a smaller share of BEVs in the vehicle stock.  

 

In 2050, battery vehicles account for about 75% of all road vehicles in the electric scenario. 

In the methane and hydrogen scenario, BEVs still account for about 50% of the vehicles. 

ICE gas an d fuel cell vehicles account for about the other half of all vehicles in their 

respective scenarios. The share of BEVs is higher for passenger cars as for trucks due to 

weight and range limitations. For 2050, it is assumed that a small share of road freigh t 

uses other fuels e.g. bio -based or electricity based liquid fuels (BtL, PtL) in niche 

applications.  Total fuel demand strongly depends on the scenario due to varying 

efficiencies of the vehicle propulsion technology and their respective relevance in each . In 

the electric scenario, fuel demand amounts to about 2,000 TWh while in the methane 

scenario the total is at about 2,500 TWh. Fuel demand in the hydrogen scenario is at about 

1,700 TWh. There are no relevant GHG emissions remaining from land transport activity. 123  

Emissions from further transport subsectors such as national and international navigation 

and aviation might exist. However, those subsectors are not considered in this study. From 

virtually zero today, gas demand the transport sector significan tly increases to about 850 

TWh in the electric scenario, by 2050. In the methane and hydrogen scenario, demand 

increases to almost 1,800 and 900 TWh, respectively.  

4.5.2  RESIDENTIAL SECTOR AN D SERVICES  

According to the EU long term strategy (LTS) 124 , the demand fo r space heating in the 

residential and service sector is expected to decline by about 60% and 50% respectively 

in average, by 2050. By 2030, the reduction is expected to be already at about 25% 

compared to 2015 levels. This reduction is assumed to be simil ar for all Member States. 

The energy demand for the production of warm water is expected to remain constant at 

todayôs level. The future development of electricity consumption for appliances and space 

cooling is based on the LTS and the EU Heat Roadmap 4. 125  By 2050, electricity 

consumption for appliances is assumed to increase by 20% compared to 2015 ( EU28  

average). During that period, demand for space cooling nearly triples, however, starting 

at a low level. Efficiency data for various heating and CHP techn ologies are mainly taken 

from the Asset Technology pathways in decarbonization 126  and the German integrated 

energy concept 2050. 127  

 

The technology and fuel split in the heating sector in the three scenarios is based on inputs 

taken from the LTS, 128  the hydrogen  roadmap and the gas network infrastructure study. 129  

                                           
123 There are minor GHG emissions from using natural gas allocated to the residential and service sector. Those emissions could (partly) be 

allocated to the transport sector instead. 
124 EC (2018). A Clean Planet for all A European strategic long-term vision for a prosperous, modern, competitive and climate neutral 
economy. 
125 Aalborg Universitet (2017). Heat Roadmap Europe 4: Quantifying the Impact of Low-Carbon Heating and Cooling Roadmaps. 
126 Asset (2018). Technology pathways in decarbonisation scenarios. 
127 Bundesministerium für Verkehr und digitale Infrastruktur (2018). Rechtliche Rahmenbedingungen für ein integriertes Energiekonzept 

2050 und die Einbindung von EE-Kraftstoffen, Berlin. 
128 EC (2018), A Clean Planet for all A European strategic long-term vision for a prosperous, modern, competitive and climate neutral 
economy. 
129 DG ENER (2018), The Role of Trans-European Gas Infrastructure in the Light of the 2050 Decarbonisation Targets. 
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In addition, the available infrastructure today (e.g. availability of gas or district heating 

networks) and the prevailing heating fuels and technologies (incl. district heating, heat 

plants and CHP) are considered to derive country specific developments. 130  

 

By 2030, the final energy demand is reduced from todayôs level of about 4 800 TWh, to 3 

900 and 4 000 TWh for the electric and the methane and hydrogen scenario, respectively. 

The use of fossil energies  is significantly reduced. A less pronounced reduction results for 

district heating, biomass and other renewables due to a strong decline of overall energy 

consumption in buildings (increased insulation). Depending on the scenario, GHG -neutral 

gases such a s hydrogen and biomethane significantly increase their relevance from almost 

zero today. Despite an increasing share of heat being produced from electricity, total 

electricity consumption for heat production stays about at todayôs level. This is achieved 

by partly switching from resistance heaters to electric heat pumps with superior efficiency. 

By 2050, final energy consumption drops further to around 3,000 TWh in all three 

scenarios. The use of fossil energy carriers is reduced about 6% resulting in about  23 

Mt CO2/a emissions. In each scenario, the gas demand significantly declines from above 

1,600 TWh in 2015 to 400 TWh in the electric, to about 800 TWh in the methane and to 

about 900 TWh in the hydrogen scenario, by 2050. This demand also includes gas us ed 

for CHP cogeneration in small decentralized units.  

4.5.3  I NDUSTRY  

The development of fuel and energy consumption in the industry sector is heavily based 

on the ñ1.5 TECHò scenario in the EUôs LTS.131  The development is assumed to be the 

same in all three scenar ios. After 2030, fossil fuels are substituted by biomass, electricity, 

hydrogen, or methane produced from biomass or electricity. By 2050, the use of fossil 

energies is close to zero (Figure 3-10 ). Total use of gaseous energy carriers is reduced 

from just above 1 000 TWh/a today to about 620 TWh/a by 2050 (Figure 3-11) .  

4.5.4  OVERALL GAS DEMAND  

The overall gas demand in the considered sectors (transport, residential, services, 

industry) declines from about 2 800 TWh/a in 2015 to between 2 000 and 2 500 TWh/a, 

in 2030. Due to the developments in the transport sector (replacement of liquid fuels 

partially by gas consuming technology) gas demand increases between 2030 and 2050 in 

the Methane (almost 3 500 TWh/a) and Hydrogen (about 2 500  TWh/a) scenario. In the 

elect ric scenario, gas demand remains at a low level of just below 2 000 TWh/a (Figure 

3-12 ). The figures do not include gas consumption in the power sector, potential gas 

demand from aviation or navigation, transport and distribution losses, and energy industr y 

own consumption. The relevance of non -electric and non -gaseous energy carriers is less 

pronounced in all three scenarios as compared to some other studies. This is an intentional 

assumption in the scenariosô definition to explore the impact of more gas (H2, CH 4) loaded 

scenarios on gas infrastructure.  

 

                                           
130 Aalborg Universitet (2017), Heat Roadmap Europe 4: Quantifying the Impact of Low-Carbon Heating and Cooling Roadmaps & IEA 

(2017). World Energy Balances, Paris. 
131 European Commission (2018). A Clean Planet for all A European strategic long-term vision for a prosperous, modern, competitive and 

climate neutral economy. 
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Figure 4-6 Development of gas demand (H 2 & CH 4) in the transport, residential, services and industry 
sector (gas demand in none -end use sectors indicated for 2015)  

 
 

4.5.1  OPTIMAL DESIGN OF THE  INTERLINKED ENERGY SYSTEM  

According to the GHG emission reduction targets, the structure of entire energy system 

undergoes substantial changes between the two time -horizons 2030 and 2050 due to the 

shift from fossil to renewable energy supply.  

 

As presented in Figure 4-7, the overall gas supply in the mid - term until 2030 declines 

substantially in all scenarios by 20% -30% to approx. 3,000 -3,500 TWh/a mainly due to 

energy savings, switch to other non -gas end -user applicati ons as well as improved 

efficiencies in the end -user sectors. The structure of gas supply in 2030, however, is 

comparable to 2018. The gas infrastructure in 2030 is based on natural gas mainly 

imported from outside the EU corresponding to ca. 70% of total gas supply. The domestic 

production of natural gas within the EU drops to almost 700 TWh/a, but it still accounts 

for approx. 20% of total gas supply. Both biomethane and hydrogen production are rather 

limited with approx. 150 and 400  TWh/a in the electric ity - focused Scenario 1 and the 

methane - focused Scenario 2, respectively. In fact, the biomethane production in Scenarios 

1 and 3 is even lower than in 2018 as the average biomethane price of 65 -73 ú/MWh is 

still higher than natural gas including the corres ponding carbon price. Therefore, 

biomethane use in the power sector is rather limited as other power plants can provide 

electricity more cost -effectively. Hydrogen is produced exclusively by comparatively cheap 

water electrolysis. Steam methane reforming c ombined with CCS is not applied due to 

high specific costs for rather small units which, lacking dedicated hydrogen distribution 

infrastructure, have to be located in close proximity to hydrogen demand.  
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Figure 4-7 Expected gas supply in EU28  

 
 

The decreasing gas demand in 2030 is partially compensated for by methane use in the 

power sector going up by 5% -15% from ca. 960 TWh/a in 2018 to well above 1,000 TWh/a 

in 2030. The increasing electricity generation o f gas - fired power plants (from ca. 450 

TWh/a in 2018 to 600 -730 TWh/a in 2030) is mainly due to favourable development of 

carbon prices making power generation by coal - fired power plants less competitive in 

comparison to natural gas (see Figure 4-8). Hence , the carbon price of ú 84/t CO2 

substantially impacts on the merit order of electricity generation. In addition, the phase -

out of some nuclear power plants requires additional dispatchable generation capacities, 

which are provided by comparatively cheap gas power plants. In fact, the co mbined 

amount of electricity provided by nuclear and coal power plants drops from 1,300 TWh/a 

in 2018 to approx. 650 TWh/a in 2030. Moreover, the fluctuating renewable power 

production from wind and solar PV increases to approx. 1,500 TWh/a accounting for almost 

half of the overall power generation with a dominant share of wind power among 

fluctuating power plants. In this context, the flexible gas power plants are used to balance 

the intermittency of renewable power supply.  

 
Figure 4-8 Expected power supply in EU28  

 
 

In fact, the installed capacity of gas power plants goes up from some 170 GW initially to 

more than 190 -220 GW in 2030. In this context, the optimal system design requires 
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additional capacities f or combined cycle gas turbines (CCGT), which are capable of 

comparatively efficient power production. The largest CCGT investments occur in the 

hydrogen - focused Scenario 3 with the highest overall electricity demand due to the 

additional power needed for h ydrogen production via electrolysis. The total power demand 

in 2030 in all scenarios is slightly higher than the corresponding figure in 2018 due to 

sector coupling and advancing electrification of the end -user sectors.  

 

In 2050, the energy system changes drastically. Due to the strong GHG emission reduction 

target almost no fossil fuels can be used in the system. The limited natural gas imports of 

approx. 90 -180 TWh/a in 2050 are within the predefined GHG emission cap for the energy 

and end -user sectors, a nd have to be offset by negative emissions from LULUCF and 

bioenergy -based CCS. Either biomethane or renewable power are the dominant primary 

energy source. In the electricity - focused Scenario 1, the system utilises the full potential 

of biomethane of almo st 1,200 TWh/a. This figure takes into account not only the 

bioenergy potential which is not used today, but also additional bioenergy which is 

expected to become available from the residential sector due to energy savings in this 

sector. Moreover, almost 300 TWh/a of bioenergy is directly used by biomass power plants 

providing more than 100 TWh/a of electricity to the power system. Therefore, the overall 

biomethane supply in this scenario is slightly lower than in Scenario 2. In addition, approx. 

230 TWh/a  of synthetic methane are produced and used for re -electrification by gas power 

plants to balance out the power system. The slightly higher natural gas supply in 

comparison to the other two scenarios is also consumed by the gas power plants. In this 

contex t, it is cheaper to source expensive fossil gas up to a predetermined GHG emission 

limit rather than to further increase the capacity of the methanation facilities to produce 

fossil - free gas for re -electrification with a low efficiency. Hydrogen supply in Scenario 1 

amounts to approx. 860 TWh/a, out of which 570 TWh/a are foreseen for direct 

consumption in the end user sectors, 280 TWh/a are feedstock for methanation and 13 

TWh/a are used for re -electrification by hydrogen - fuelled CCGT units with a total ca pacity 

of 13 GW.  

 
Figure 4-9 Development of dispatchable power generation capacities in EU28 

 
 

The methane -based Scenario 2 also utilises the full biomethane potential of more than 

1,400 TWh/a (including th e bioenergy becoming available from the residential sector). In 

addition, almost the same amount of synthetic methane is produced via the methanation 

process, and consumed in the end -user sectors as well as for re -electrification in gas power 

plants. The o verall hydrogen production in this scenario accounts for more than 2,200 

TWh/a. However, only limited amounts of hydrogen (approx. 500  TWh/a) are used directly 

by the end user sectors. Most of the hydrogen (some 1,700 TWh/a) is used as feedstock 
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for methan ation. Hence, the overall gas demand and supply in this scenario is much higher 

than in the other two scenarios, but it is at a similar level as in 2030 if the hydrogen for 

methanation is not taken into account. The hydrogen -based Scenario 3 has a differen t gas 

supply structure in comparison to the aforementioned scenarios. Due to demand from the 

end -user sectors, hydrogen is the major gas type in the system with almost  2,200 TWh/a. 

Limited amounts of hydrogen (54 TWh/a) are utilised by hydrogen fuelled gas  turbines 

(almost 280 GW installed capacity) and CCGT units (42 GW). Biomethane and natural gas 

supply of 410 and 90 TWh/a, respectively, are consumed locally in industry as well as in 

the residential and services sectors. In this way, the overall gas dema nd in this scenario 

is at a comparable level as in Scenario  1, but much lower than the corresponding values 

in 2030.  

 

Until 2050, the overall renewable power supply grows, compared to 2030, by a factor of 

3-4 to 5,000 -6,800 TWh/a becoming the dominant powe r source. Nuclear power 

generation as a cheap low -GHG technology provides some 460 TWh/a in all scenarios and 

remains at a level comparable to 2030. As in 2030, nuclear power plants are used 

predominately as base - load technology achieving almost 7,000 annu al full load hours. The 

capacity of gas power plants based both on methane and hydrogen grow substantially to 

250 -380 GW. The lower value corresponds to Scenario 2 with comparatively low power 

demand from the end user sectors and large electrolysis capacit ies as a flexible load, 

whereas the upper value corresponds to Scenario 1 with the highest direct power demand 

and thus larger need for flexibility measures in the power sector. In all scenarios, the gas 

power plants are used to balance out the fluctuating  power feed - in and are characterised 

by low utilisation. Therefore, the comparatively costly generation capacities with CCS are 

not installed in any scenario.  

 

Figure 4-10  displays optimal electrolysis and methanation capacities together with the 

corresponding utilisation rates. In 2030 only limited electrolysis of 15 -67 GW is needed to 

satisfy the limited hydrogen demand. The utilisation is between 3,000 and 4,000 annual 

full load hours indicating that it is used as flexible load in the power syst em. Until 2050, 

the required capacities grow substantially to 400 -900 GW. The largest electrolysis capacity 

is installed in Scenario 3 with the greatest direct hydrogen demand from different end user 

sectors. In scenario 2, most of the installed electrolys is capacity (585 GW or ca. 80%) is 

needed for methanation. At this point it is important to mention that the electrolysis unit 

within a PtCH 4 facility is directly connected to the methanation process and cannot be used 

for hydrogen production for consumpti on by end user sectors. This is mainly due to a 

different geographical distribution of PtH 2 and PtCH 4 units in this scenario (PtH 2 close to 

hydrogen demand and PtCH 4 according to renewable power generation) as otherwise the 

system would require parallel in frastructures for hydrogen and methane. In this way, the 

overall electrolysis capacity and the corresponding costs in this scenario tend to be 

overestimated and could be further optimised through a more synergetic operation of both 

technologies. The utilis ation rates for electrolysis of 2,000 -3,000 full load hours are lower 

than the corresponding values in 2030 mainly due to larger feed - in of renewable power 

and the increased use of electrolysis as a flexible load. As mentioned above, methanation 

facilities  are built up only in 2050 in Scenarios 1 and 2. The optimal capacity ranges 

between 100 GW and 400 GW, and the utilisation is between 2,000 -3,500 annual full load 

hours.  
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Figure 4-10  Electrolysis and methanation capacities and corresponding utilisation in EU28  

 
 

In all scenarios, seasonal storage of energy is provided by the gas infrastructure. In 2030 

approx. 520 -590  TWh of CH 4 storage are required to balance out the seasonal fluctu ations 

between power and gas demand and supply (see Figure 4-11 ). Local hydrogen pipe 

storage is very limited due to low hydrogen demand and comparatively high specific costs 

of this technology. In the power system, only existing pumped -hydro storage units  are 

operated in an optimised power system.  

 

Although renewable power supply grows substantially until 2050, the required gas storage 

capacities decrease to 240 -360 TWh. This is mainly due to falling overall gas and power 

demand on the one hand and enhanc ed use of other flexibility options such as electrolysis 

as a flexible load or stationary batteries on the other hand. In this context highest battery 

capacity occurs in the electricity -based Scenario 1 (180  GW) and the lowest in Scenario 3 

(21  GW). Moreov er, nuclear power and biomass plants provide back -up power in times 

when renewable power feed - in is insufficient to meet demand. In Scenarios 1 and 2, some 

additional hydrogen pipe storage capacities between 2 -10 TWh are needed based on local 

hydrogen dema nd. In Scenario 3, hydrogen is stored in large -scale underground salt 

caverns with a total capacity of 280 TWh.  

 
Figure 4-11  Required gas storage capacities in EU28  

 
Figure 4-12  displays cross -border energy  transport between the different Member States 

as an indicator of the required gas and power infrastructures. Similar to the previous 

results, in 2030 the differences between the scenarios are very limited. In all three 
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scenarios total gas transport accoun ts for approx. 1,500 TWh/a whereas power transport 

amounts to some 1,000 TWh/a. The difference between the two energy carries is due to 

varying overall demand for each carrier. This is partially compensated by the wider spatial 

distribution of power genera tion and higher hourly fluctuations of electricity demand and 

supply in contrast to a more centralized distribution of gas along the established import 

routes and a flatter gas residual load in each node. Until 2050, this relationship is 

enhanced. Increasi ng renewable power supply leads to more fluctuations in power 

generation which is not necessarily in close proximity to power demand. For the gas 

infrastructure, the cross -border gas transport activities change, too, but not in the same 

manner. In Scenario  1 the amount of transported gas decreases to 1,100 TWh/a mainly 

due to lower gas demand. For Scenarios 2 and 3, gas transport increases to 2,000 TWh/a 

as both the production of synthetic methane and hydrogen are related to the renewable 

feed - in being diff erently distributed compared to demand.  

 

Figure 4-13  to Figure 4-15 show the corresponding gas flows in EU28 in each scenario and 

time step whereas Figure 4-16  to Figure 4-18  indicate the required pipeline capacities 

together with investment needs. Again, f or 2030 the gas flows as well as the required 

pipeline capacities are very similar for all scenarios. Since natural gas imports dominate 

the gas supply, the infrastructure design follows the established import routes mainly from 

East to West (from Russia t hrough Poland and Slovakia to Western Europe) and from North 

to South (from Norway to Germany, France and Italy). Limited changes in comparison to 

the existing infrastructure are due to decreasing gas demand on the one hand and falling 

domestic gas product ion on the other hand. Moreover, since the model assumes an internal 

energy market without any barriers for all Member States in the first step, the peripheries 

of the gas infrastructure (e.g. Baltic countries, Iberian Peninsula, Scandinavia, Cyprus and 

Malta) need some enhancements for a better connection with central Europe.  

 
Figure 4-12  Cross -border energy transport within EU28 

 
 

Again, in 2050 the switch from natural gas to GHG - free gases has a major impact on the 

design and requirements of the future gas infrastructure. In fact, countries with large 

renewable potentials in comparison to limited domestic demand become gas exporter s 

whereas Member States characterised by high gas demand but low domestic production 

from renewables need additional imports from within the EU. Particularly in Scenarios 1 

and 2, the Scandinavian and Baltic counties supply large amounts of biomethane whic h 

have to be transported to Central Europe and mainly to Germany. For this reason, the 

interconnectors between Sweden, Denmark and Germany on the one hand as well as 

between Lithuania, Poland and Germany on the other hand become important and need 

correspo nding network enhancements, except for the link between Poland and Germany 
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which already has a large capacity. Moreover, the gas supply from Balkan countries 

(Romania, Bulgaria and Greece) is transported from Greece to Italy with large gas 

demand. In this way, the gas flows between Germany and Italy as well as from Eastern 

Europe through Austria to Italy disappear, and the related gas infrastructure is not needed 

anymore. In contrast, countries with high gas demand but low production such as the 

Netherlands  and the UK import biomethane. These imports, however, can be covered by 

the existing infrastructure and further investments are not needed. Similar relationships 

can be observed for biomethane exports from France to the Benelux countries and Italy 

(howeve r the interconnector between France and Italy is not sufficient for the required gas 

transport in Scenario 3 and hence needs to be upgraded).  

 

In Scenario 3 in 2050, the required gas infrastructure changes substantially in comparison 

to todayôs design and operation. Since hydrogen is produced according to the renewable 

power potential it has to be transported over long distances from the peripheries to Central 

Europe. This is true in particular for the Baltic countries including again the route through 

Lith uania and Poland to Germany as well as for Scandinavia affecting the interconnectors 

between Sweden, Denmark and Germany. For both routes, substantial investments in new 

capacities are required. In addition, hydrogen is transported from the solar - rich Sout h 

(Spain, Greece, Italy) northward (France and Germany) and from the wind - rich West 

(Ireland, UK, France) eastward (Germany, Benelux, Austria and Czech Republic). Except 

for individual relations with large existing capacities (e.g. between the UK and Belgi um, or 

Germany and the Czech Republic) new pipeline capacities are needed. In general, 

hydrogen supply under the assumptions of this study reverses the direction of gas flows 

having a strong impact on the pipeline capacities.  
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Figure 4-13  Gas flows under the 2030 and 2050 electricity scenarios  

 
 

Scenario 1: Electricity 2030  

Scenario 1: Electricity 2050  
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Figure 4-14  Gas flows under the 2030 and 2050 methane scenarios  

 
 

Scenario 2: Methane 2030  

Scenario 2: Methane 20 5 0  
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Figure 4-15  Gas flows under the 2030 and 2050 hydrogen scenarios  

 
 

Scenario 3: Hydrogen 2030  

Scenario 3: Hydrogen 2050  
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Figure 4-16  Required capacity and related  investment under the 2030 and 2050 electricity scenario  

 

Scenario 1: Electricity 2030  

Scenario 1: Electricity 2050  
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Figure 4-17  Required capacity and related  investment under the 2030 and 2050 methane scenario  

 

Scenario 2: Methane 2030  

Scenario 2: Methane 2050  
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Figur e 4-18  Required capacity and related  investment under the 2030 and 2050 hydrogen scenario  

 
 

 

Scenario 3: Hydrogen 2030  

Scenario 3: Hydrogen 2050  
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4.6  EVALUATION OF THE ECO NOMIC AND ENVIRONMEN TAL COSTS AND 

BENEFITS  

4.6.1  COMPARISON OF THE ENE RGY SYSTEM COSTS  

This chapter provides an economic valuation of the energy system in different scenarios 

based on the optimal design and operation of the system as described in the previous 

chapter. The presented figures include the investment costs (expressed as annuity) and 

fuel costs of the dispatchable power plants, full renewable power generation costs, costs 

related to power and gas storage (hydrogen and methane), costs due to investments and 

operation of Power - to -Gas (PtH 2 and P tCH4), DSM costs, investment and operational costs 

of power and gas infrastructure at international level (i.e. for interconnectors between the 

Member States) as well as supply costs for biomethane, natural gas and other fossil energy 

carriers  including the direct demand from the end -user sectors. Not included are power 

and gas infrastructure costs at the national level , in particular for the distribution network 

(see next chapter for the corresponding cost estimation)  as well as end -user appli ances.  

 

As indicated in Figure 4-19 , in 2030 the cost structure is similar in all scenarios. The major 

cost contribution of ú 240 -250 bn / a (approx. 50% of total system costs) is represented 

by coal and oil imports for direct consumption in the end user sec tors. Methane supply, 

i.e. mainly imports and domestic production of natural gas as well as supply of 

biomethane, account for another ú100-120 bn /a or 20% -25% of total costs. Renewable 

power supply is lower (ú 75 -80 bn /a), but still in a similar order of m agnitude. Minor costs 

of approx. ú23 bn/ a are caused by dispatchable power plants 132  as well as energy transport 

(more than ú10 bn/ a) and other system flexibility measures such as electrolysis and 

electricity storage. In Scenario 3, the higher costs for flex ibility are mainly due to larger 

investments in electrolysis capacities (see Figure 4-20 ). In general, however, the overall 

system costs of almost 500 ú bn/a are very similar for all scenarios in 2030 with a small 

advantage for a more electricity - focused s ystem in Scenario 1. Hence in 2030, both 

methane - focused systems in Scenario 2 and hydrogen - focused system in Scenario 3 have 

no economic benefit (calculated as the difference in system costs compared to Scenario 

1), however, these differences are not sign ificant.  

 
Figure 4-19  Annual energy system costs (excluding national energy transport costs) in EU28  

 
 

Increasing system coupling and decarbonisation of the energy system until 2050 have a 

positive effect on the overall system costs in all scenarios. The total system costs decrease 

by ú 40 -140 bn/ a, leading to total system costs of ú 340 bn /a in the hydrogen - focused 

                                           
132 Note that the fuel costs of gas power plants are not included in the category ñDispatchablesò but are rather summarized in the category 

ñmethane supplyò as the model jointly optimizes the gas supply for both energy and end user sectors. 
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Scenario 3, and ú 430 bn /a in the methane - focused Scenario 2. In all scenarios, major 

costs are caused by very substantial investments in new renewable capacities contributing 

ú150-200 bn /a, or 40% -55%, to total costs. However, these investments are more than 

compensated by the decrease of payments for fossil fuels related to the end user sectors  

(ú5 bna) and lower methane supply costs (ú26-100 bn /a). The difference between the 

scenarios for the latter cost driver is based on the varying demand for biomethane (low in 

Scenario 3 and high in Scenario 2) and corresponding average biomethane prices wh ich 

typically rise with increasing demand (ú56 /MWh in Scenario 3 and 65 ú/MWh in Scenario 

2).  Due to investments in new dispatchable capacities needed to balance out the 

fluctuating power feed -in, the corresponding costs increase slightly to ú22-44 bn/ a. 

Moreover, renewable electricity supply also causes additional costs for flexibility measures 

(ú36-58 bn/ a) and energy transport (ú43-53 bn /a). In Scenario 1, the costs for flexibility 

measures are equally distributed (ú 7-10 bn /a) between electrolysis, loc al H 2 pipe storage, 

methanation 133  and power storage (pumped hydro and stationary batteries). In Scenario 

2, major cost driver are the methanation facilities with ú 45 bn/ a or almost 80% of the 

costs for flexibility. Electrolysis needed to satisfy direct dem and from the end user sectors 

and electricity storage have minor influences. In contrast in Scenario 3, electrolysis and 

the large underground salt caverns are major cost components with ú 32  bn  and ú17 bn /a, 

respectively. The costs for demand -side managem ent and CH 4 storage are negligible in 

both time steps and all scenarios.  

 
Figure 4-20  Annual costs for flexibility measures in EU28 

 
 

The major cost contribution related to energy transport is made by electr icity transport. 

The operation of existing power infrastructure and investments in new power lines in a 

system mainly based on renewable power supply cause annual costs of ú10-12 bn /a (or 

90% of total energy transport costs) in 2030 and ú33-52 bn /a (or 75% -95% of total 

energy transport costs) in 2050. The highest costs for power transport occur in the 

electricity - focused Scenario 1 with the largest direct power demand form end user sectors.  

 

In contrast, the costs of the gas infrastructure in all  scenarios are much lower (see  

Figure  4-22). In 2030 they account for approx. ú1.3 bn /a as the existing infrastructure is 

mainly capable of balancing out methane supply and demand across the Member States. 

Although the gas demand decreases in comparison t o 2018, some pipeline investments 

with annualized costs of ú0.4 bn /a are required as the geographical distribution of gas 

supply changes due to decreasing domestic natural gas production compensated by the 

increase of biomethane supply. The rem ain ing costs  of ú0.9 bn /a are operation al  costs of 

the gas infrastructure. In 2050, the corresponding costs in Scenarios 1 and 2 are only 

slightly higher with ú1.5-2.4  bn /a, respectively. The cost structure is also comparable to 

                                           
133 Note that the costs for methanation also include the electrolysis costs within the PtCH4 facility.  
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2030. The additional cost related to th e gas infrastructure such as specific metering and 

refurbishment/replacement of end -user appliances  is addressed qualitatively in the 

previous chapters but  is not included in the above -mentioned estimates . 

 

For the hydrogen - focused Scenario  3, however, the overall costs are much higher and the 

cost structure differs substantially. The overall costs account for approx. ú7 bn /a almost 

equally distributed between costs for new pipelines or conversion of existing  CH4 pipelines 

(together almost ú5 bn/a), and operational costs (ú2.7 bn /a). For the former cost 

component, the major driver are the comparatively costly investments in new compressor 

capacities due to different physical flow characteristics of hydrogen. N evertheless, the 

overall transport costs in Scenario 3 are lower than in the other two scenarios as power 

transport in this scenario requires lower investments in new power lines. The costs for 

decommission of unneeded infrastructure are negligible in all scenarios.  

 
Figure 4-21  Annual costs for power and gas infrastructure for international energy transport in EU28  

 

In general, the lowest system costs in 2050 are achieved in the hydrogen - focused Scenario 

2, and the highest in the methane -based Scenario 3. This result shows that the overall 

system costs can be summarized as trade -off between system efficiency (high for  Scenario 

1 and low for Scenario 3) and system flexibility (low in Scenario 1 due to the direct power 

demand with limited possibilities for direct power storage and higher in Scenarios 2 and 

3). The system design with a strong focus on hydrogen technology appears to be a robust 

compromise for both factors. Hence, in comparison to the electricity -based system and 

under the assumptions of this study, a hydrogen - focused system has a positive economic 

benefit of ú30 bn /a in 2050 whereas a methane - focused system  is characterised by an 

economic disadvantage of ú53 bn /a. In 2030, the differences are negligible. In this context 

in Scenario 1 in the long - term the advantages of the higher  energy efficiency are o ffset  by 

the disadvantages of lower system flexibility (d ue to direct electricity use and low roundtrip 

efficiency of re -electrification of synthetic methane) in comparison to Scenario 3.  
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Figure 4-22  Annual costs for gas infrastructure for international gas transpo rt in EU28  

 

4.6.2  I NCREMENTAL GAS INFRA STRUCTURE COSTS FOR NATIONAL 

TRANSPORT AND DISTRI BUTION NETWORKS  

As blending hydrogen into the existing NG network is a frequently discussed topic, it is 

worth exploring its feasibility and reviewing the assumptions made regarding admixture. 

Assuming a safe admixture rate of 10 vol% hydrogen to methane for 2030 and 20 vol% 

for 2050, the energy contents required and the resulting hydrogen demand to be supplied 

under a given scenario have been calculated and presented in Tab le 4-2. Note that the 

model does assume 0% admixture by 2050 and that this serves to illustrate that the 

potential to admix hydrogen is insignificant under any scenario. As we can observe from 

Table 4-2, the potential to admix hydrogen ranks in the lower o ne-digit percentage range 

when comparing its contribution to the entire gas market. It may indeed make sense to 

admix hydrogen in the early years of hydrogen market introduction, as dedicated 

infrastructure will not have been retrofitted or constructed to accommodate 100% 

hydrogen for some time, but once this has occurred there is no case to be made for 

admixing large quantities of hydrogen.  

 

The model therefore assumes that there will be no admixture in 2050, neither in the TSO 

nor in the DSO network. How ever, in 2050 there will be a minor share of dedicated 

hydrogen networks in the electricity and methane scenarios and some dedicated methane 

networks under the hydrogen scenario. For the electricity and methane scenario in 2030, 

up to 10% of hydrogen are a dmixed in the DSO network. Should there be more hydrogen 

gas left to be distributed, additional dedicated H 2 networks would have to be converted 

from freed -up NG -networks, or newly constructed.  

 
Table 4-2 Energy equivalent hydrogen quantity in TWh/a to be safely admixed to the NG -network 
and its percentage of total hydrogen and of the entire gas market under the respective scenario 
(maximum admixture share of 20 vol%)  
 

Electric Methane H2 Electric Methane H2  
2030 2050 

Potential H 2 admixture in TWh/a  103  115  105  112  195  33  

Potential H 2 admixture as share of 
total H 2 

151%  263%  46%  20%  40%  2%  

Potential H 2 admixture as share of 
entire gas market  

3%  3%  3%  5%  6%  1%  

Total H 2 as share of entire gas 
market  

2%  1%  7%  24%  14%  71%  

 

Under the 2030 hydrogen scenario, the available hydrogen is distributed through dedicated 

hydrogen networks. After initially establishing a decentralized system of hydrogen 
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distribution networks ï both retrofitted and newly constructed -  these should gradually be 

linked through a dedicated separate hydrogen transmission network. 134  While certain areas 

will have transitioned to be served through dedicated hydrogen distribution networks until 

2030, dedicated hydrogen transmission pipelines wil l only be built on a large scale once 

sufficient density of local distribution has been achieved. Retrofitting and conversion are 

most easily done with existing polymer pipes that are least prone to material exhaustion 

and degradation from hydrogen. 135  

 

Figu re 4-23  and Figure 4-24  display the annual costs for the national transmission and 

distribution gas networks under the three different scenarios for 2030 and 2050. Figure 

4-23  shows the general depreciation costs and OPEX for the transmission and distribut ion 

network. These costs add to the cross -border infrastructure costs as presented in the 

previous chapter. One can observe that until 2030 the bulk of investment and operational 

costs lies with the operation of the distribution network followed by the ope ration of the 

transmission network. In 2050, the scenarios differ strongly, with increasing importance 

of investment depreciation, notably in the distribution network. Figure 4-24  further splits 

the costs into OPEX of existing pipelines, refurbishment, dec ommissioning, conversion as 

well as costs for new CH 4 and H 2 pipelines. 136   

 

Compared to the 2015 baseline, depreciation and OPEX show constant or slightly 

decreasing costs until 2030 under all scenarios, with the methane scenario showing 

constant costs, the  hydrogen scenario slight cost reductions and the electricity scenario 

stronger cost reductions. This is sensible as the gas capacity is also highest under the 

methane scenario for 2030. Similarly, for 2050, the electricity scenario comes out as the 

cheape st option from a gas infrastructure perspective as it involves the lowest quantity of 

gas. This may come at higher costs for the electric network, which is not estimated here.  

 

Depending on the scenario and the quantities of different kinds of gases, signi ficant 

investments will be required under certain scenarios. The most expensive one, both in 

terms of depreciation and OPEX, is the 2050 methane -scenario, with the highest gas 

capacity and the need for significant additional construction of DSO pipelines. Instead, 

overall costs under the 2050 hydrogen -scenario are lower than under the 2050 methane -

scenario due to substantial free and readily available NG network capacity that can be 

converted to 100% hydrogen operation. Initial investment into a dedicated h ydrogen 

network is moderately low. Instead, a significant share can be covered through retrofitting 

parts of the existing NG system to transport hydrogen. Costs for the conversion of existing 

NG pipelines make up about half of the total annual costs under this scenario (compare 

Figure 4-24 ).  

 

                                           
134 In the NaturalHy project it has e.g. been concluded that for high concentrations of hydrogen (Ó 50 vol%) in natural gas pipelines, small 

effects on the inspection and repair frequency and therefore incremental total costs (inspection & repair for corrosion and cracks) were 
assumed in the order of Ò10%. 
135 International Gas Union (2017). Using the natural gas network for transporting hydrogen ï ten years of experience. 
136 At this point, the cost estimate assumes that (i) costs for refurbishment for admixture are negligible (compare town gas), (ii) 
decommissioning does not take place and (iii) converting existing NG-pipelines to 100% hydrogen makes up 10% of the costs of new H2 

pipelines. 
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Figure 4-23  Annual costs of national gas networks (EU28) by scenario, split into depreciation and 
OPEX for TSO and DSO  

 
 
Figure 4-24  Costs for pipeline infrastructure by scenario, split into different aspects of depreciation 
and OPEX  

 

4.6.3  ECONOMIC V ALUATION OF HYDROGEN AND BIOM ETHANE IN GAS 

INFRASTRUCTURES  

Based on the results of the previous analysis, this chapter provides an additional valuation 

of the three scenarios based on average methane, power and hydrogen prices. Figure 4-25  

shows the corresponding prices under the assumption that synthetic methane is produced 

from renewable power as a starting point. The corresponding CH 4 prices together with 

other cost components are then used to calculate the power price which in turn is a  starting 

point for the estimation of the hydrogen price by taking into account also the costs of the 

entire hydrogen - related infrastructure.  
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Figure 4-25  Average methane, power and hydrogen prices in EU28  

 
 

In 2030, the average methane price is comparatively low at 32 -35 ú/MWh, increasing to 

approx. 45 ú/MWh if payments for CO2 certificates are equally distributed among all 

consumers. The power price is higher at 53 ú/MWh (or up to 61 ú/MWh if the CO2 payme nts 

are taken into account), but comparable among the three scenarios. Both results indicate 

that in 2030, the energy system design has no influence on the consumer - related energy 

prices. The highest energy prices of 105 -132 ú/MWh occur for hydrogen produced via 

electrolysis based on the aforementioned electricity prices. The higher the overall 

hydrogen demand the better the utilisation of the required units and infrastructure, and 

hence the lower the average hydrogen price. This can be observed in Scenario  3 with lower 

hydrogen prices.  

 

In 2050, the average methane price increases substantially to 53 -66 ú/MWh. This is mainly 

due to the switch from comparatively cheap fossil natural gas to more expensive 

biomethane and synthetic methane. Power prices remain rather stable at 37 -60 ú/MWh. 

The highest value is observed in the methane - focused Scenario 2, and the lowest in the 

hydrogen - focused Scenario 3 where the overall system costs are low but the overall power 

demand both from end user sectors and electrolysis  are moderate. A similar behaviour can 

be observed for hydrogen prices which, however, are much lower in comparison to 2030. 

This is due to decreasing specific investment costs for electrolysis as well as lower 

electricity prices. In general, hydrogen - focu sed systems as designed in Scenario 3 can be 

seen as a robust compromise providing lower average end user prices.  

 

4.6.1  ENVIRONMENTAL V ALUATION OF HYDROGEN  AND BIOMETHANE  

In line with the objective of this study, environmental costs focus on CO 2 emission 

avoidance costs.  

 

The overall GHG emission  reduction targets are met in each scenario  both in 2030 and 

2050. CO2 reduction in 2030 is approximately 53% compared to 1990, and 100% in 2050. 

For the sake of comparability , all scenarios are character ized by similar CO 2 emissions per 

sector for the respective time horizon. Negative emissions stem from LULUCF and BECCS 

in industry as estimated by the LTS in its ñ1.5TECHò scenario (300-400 Mt CO2) as well as 

from BECCS in energy supply of 51 -68 Mt CO2/a (d istrict heating as well as biomass and 

biomethane power plants). Emissions from aviation and navigation (35 Mt CO2/a in 2015) 

are not taken into account and  will require either additional decarbonisation efforts in both 
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sub -sectors or additional negative em issions from BECSS in the power and industry sectors  

or from biomethane production (see chapter 2.3.2) .  

 

The overall system costs are calculated in the energy system modelling as described 

above, excluding the CO 2 costs incurred in the model as the produc t of CO 2 emissions and 

the CO 2 price (84 ú/tCO2 in 2030, 350 ú/tCO2 in 2050). Total system costs in 2030 are in 

the range of Bú 470 -480 in the three scenarios, and Bú 376 (electric scenario), Bú 428 

(methane) and Bú 343(hydrogen), respectively.  

 

A compari son between net emissions and total system costs reveals that increased use of 

biomethane and hydrogen in combination with sector coupling and decreasing costs of 

renewable energy supply lower both overall emissions and system costs between 2030 

and 2050. On this basis, the CO 2 avoidance costs are calculated as system cost difference 

divided by emission difference between 2030 and 2050 resulting in negative values 

ranging between -20 ú/tCO2 in the methane focused Scenario 2 and -68 ú/tCO2 in the 

hydrogen fo cused Scenario 3.  

 

4.6.2  SENSITIVITY ANALYS ES  

Additional sensitivity analys es allow for testing the robustness of the modelling results in 

respect to predefined input parameters. Therefore, based on the findings from the first 

modelling runs following three input parameters are defined for variations in the selected 

scenarios:  

¶ Sensitivity analysis  1 for the 3 scenarios in 2030: consideration of large -scale 

instead of small - scale SMR with CCS for hydrogen production with lower specific 

facility costs (see Appe ndix for details) and neglecting delivery costs for hydrogen 

from the large -scale SMR to the end -user ;  

¶ Sensitivity analysis 2 for the 3 scenarios in 2030: carbon price 28 ú/tCO2 as 

defined in LTS instead of 84 ú/tCO2 as defined by WEO 2016 ;  

¶ Sensitivity ana lysis 3 for the 3 scenarios in 2030: natural gas price of 38 ú/MWh 

i.e. 20% increase in comparison to the original value of 31 ú/MWh according to 

WEO 2016 ;   

¶ Sensitivity analysis  4 for the 3 scenarios in 2050: increasing biomethane costs by 

20% for biomethane from digestion processes and 30% from gasification i.e. 5.4 

ct/kWh from sewage sludge; 6.4 ct/kWh from forestry; 7.6 ct/kWh from manure; 

7.8 ct/kWh from biological waste and 10.2 ct/kWh from crops and straw.  

 

Sensitivity analysis 1: Large - scale SMR with CCS and lower costs  in 2030  

Hydrogen production changes significantly when large -scale SMR with CCS is taken into 

account. Due to much lower technology costs almost the entire hydrogen demand is 

covered by SMR with a high utilisation rate of approx. 5,000 full load hours. Nevertheless , 

small electrolysis capacity of 2 GW (Scenario 2) to 10 GW (Scenario 3) with an utilisation 

rate of less than 1,000 full load hours is still neede d to provide additional flexibility in the 

energy system. Given the unchanged intermittent feed - in, the power generation from 

dispatchable power plants drops by 5% -23% from 1,250 -1,400 TWh/a to 1,000 -1,250 

TWh/a as less electricity is needed to satisfy the  end user hydrogen demand. 

Consequently, also the investment in new power generation capacities is smaller. Due to 

a more constant hydrogen production via SMR the system requires lower hydrogen but 

higher methane storage capacities. Interestingly, methane supply decreases from 3,100 -

3,500 TWh/a to 3,000 -3,400 TWh/a as converting methane directly to hydrogen is more 

efficient than hydrogen production from electricity provided by gas - fired plants. In 

addition, investment needs in new gas pipelines are lower b y 4% -25% (calculated as a 

sum of capacity additions between network nodes) due to lower overall gas demand as 

well as more constant methane consumption and a better geographical distribution of 

large -scale SMR in comparison to gas power plants.  
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Although l arge -scale SMR has a significant impact on the optimal sizing and operation of 

the energy system the overall costs remain rather unchanged being responsible for limited 

decrease in total costs by 1% -2% or 1 -8 Bú/a. This is due to the fact that hydrogen 

dem and and production in 2030 are limited and the abovementioned effects balance out 

each other. On the one hand the SMR and CCS technology costs account for additional 1 

Bú/a (Scenario 2) to 5 Bú/a (Scenario 3). On the other hand, electrolysis costs decrease  

by 0.8 Bú/a (Scenario 2) to 3.6 Bú/a (Scenario 3) whereas methane supply costs drop by 

1 Bú/a (Scenario 2) to 6 Bú/a (Scenario 3). Additional costs savings from storage, gas 

transmission network and dispatchable power plants are less significant.  

 
Figure 4-26  Annual energy system costs in EU28  including large -scale SMR with CCS  

 
 

Sensitivity analysis 2: Lower carbon price  in 2030  

Changing the carbon price in 2030 has a significant impact on the operation of the power 

sector and the entire energy system. In fact, lower carbon price in combination with a low 

coal price changes the merit order of power supply making power generation by coal - fired 

plants more cost -competitive in comparison to the gas - fired plants . As a consequence, 

power supply from coal rises from 115 -124 TWh/a up to 517 -541 TWh/a, whereas the 

power generation from gas drops by 60% from 600 -739 TWh/a down to 220 -231 TWh/a. 

In this context, the investments in new capacities for gas - fired power pla nts are also lower. 

On the one hand the build -up of new gas transport infrastructure is smaller by 25% -30% 

due to lower peak -demand from gas - fired plants. On the other hand, however, additional 

power lines are needed to manage increased power transport fro m the coal - fired plants 

with a less favourable geographical distribution across Europe. Therefore , the costs for 

energy transport increase slightly due to the changing carbon price. Moreover, the costs 

of dispatchable power generation (including fuel costs  from power generation other than 

natural gas) are higher by almost 30% rising to 41 -44 Bú/a due to additional coal 

consumption. In contrast, the methane supply costs drop by approx. 10% due to lower 

gas demand from the power sector. All in all, the above -mentioned effects balance out 

each other and the overall energy system costs remain almost unchanged.  
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Figure 4-27  Annual energy system costs in EU28  for different carbon prices  

 
 

Sensitivity analysis 3: Hig her natural gas prices  in 2030  

Similar to the previous sensitivity analysis also increasing natural gas prices lead to a shift 

in power generation from gas - fired to coal - fired generation. The capacity of gas power 

plants is slightly lower whereas the utili sation of the coal power plants increases. 

Nevertheless , the dispatchable costs (excluding methane supply for gas - fired power 

plants) are almost unchanged as the merit order effect of increasing gas  prices is rather 

limited. The capacity requirement for ne w gas pipelines is lower by 20% in all scenarios 

as the gas infrastructure is exposed to lower gas demand peaks from the power sector. 

The sizing and operation of all other system components remains almost unchanged. Given 

the decreasing natural gas demand  from the power sector the overall costs of methane 

supply to all sectors go up only by approx. 15% up to 116 -138 Bú/a. The overall impact 

of the natural gas price on the entire system costs is limited: increase by approx. 3% -4% 

while preserving the cost o rder between the three scenarios.  

 
Figure 4-28  Annual energy system costs in EU28  for different natural gas prices  

 
 

Sensitivity analysis 4: Higher biomethane costs in 2050  

I ncreasing biomethane costs in 205 0 have only a limited impact on the design and 

operation of the overall energy system. In fact, biomethane is used mainly in the end -user 
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sectors either up to potential limits (Scenario 1 and 2) or up to a predefined level (Scenario 

3) as described in prev ious chapters. Power generation by gas - fired plants for balancing 

intermittent electricity supply are based either on the unchanged production of synthetic 

methane from PtCH 4 (Scenario 1 and 2) or hydrogen from PtH 2 (Scenario 3). Therefore , 

the dimensionin g and optimal operation of all system components inducing the gas 

infrastructure remain unchanged. Nevertheless the overall costs for biomethane supply 

increase according to the assumptions by 20% -30% up to 30 -120 Bú/a, however, having 

only a limited impac t on the overall system costs (increase by 2% up350 Bú/a in Scenario 

3 with lowest biomethane usage and 7% up to 450 Bú/a in Scenario 2 with highest 

biomethane demand). In this way the cost differences between the three scenarios are 

more pronounced in com parison to the base case.  

 
Figure 4-29  Annual energy system costs in EU28  for different biomethane costs  

 
 

5  CURRENT STATUS OF THE  GAS SECTOR IN SELEC TED MEMBER 

STATES  

The following chapters focus on a selection of countries (and their respective regulatory 

regimes ), TSOs and DSOs. 137  Each of the selected Member States has archetypical 

characteristics which are briefly summarised below and further detailed in the following  

sections.  This chapter addresses the gas network planning, revenue regulation and 

tariffication in these countries.  

 
Table 5-1 Overview of the characteristics of the selected countries  

Member State  Descriptio n  

Germany  

Leading in both biomethane and hydrogen , virtually all biomethane injected  
Medium share of gas in energy consumption (23%) & net importer of natural gas  
Very extensive  transmission (38 800km) and distribution (497 400km) networks  
Large salt cavern storage capacity (152 TWh) & other gas storage capacity (118 TWh)  

Hungary  

Li mited  regulatory or project developments for biomethane and hydrogen  
High share of gas in energy consumption (32%) & net importer of natural gas  
Considerable transmission ( 5 900km) and distribution (86 500km) networks  
No salt cavern storage capacity; 68  TWh of other gas storage capacity  

Netherlands  

Mature biogas development (virtually all injected to the network )  
I ncipient but ambitious role for power - to -gas  
High share of g as in energy consumption (40%) & net exporter of natural gas  
Very long transmission (12 600km) and distribution (125 200km) networks  

                                           
137 The NRAs from Germany, Hungary and Spain, as well as gas TSOs from the five selected countries and one German DSO have been 
interviewed in the context of this study. However, all views expressed in this report are the authorsô and do not necessarily represent the 

opinions of the interviewed stakeholders. 
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Member State  Descriptio n  

Limited salt cavern storage capacity (4TWh), studies  for hydrogen storage, and 127 TWh 
of other storage capacity  

Sweden  

Li mited network but central biomethane role  (especially in transport , also off -grid )  
Low share of gas in energy consumption (2%) & net importer of natural gas  
Only one of the countries with no cross -border interconnection capacity (extra -EU) 
Very limited network (600km transmission and 3 000  km distribution) , marginal storage  
capacity (0.1 TWh)  

Spain  

Initial developments in b iomethane and hydrogen  
Medium share of gas in energy consumption (21%) & net importer of natural gas  
Considerable transmission (13 800km) and distribution (71 400km) networks  
No salt cavern storage capacity; 32  TWh of other gas storage capacity  

Source: Network lengths from CEER (2018) & CEER (2019) Report on Regulatory Frameworks for European Energy Networks 

for Spain; Storage capacity (operation + under construction) from GIE (2018) Storage map  

5.1  GAS NETWORK PLANNING  

The most important European regulations for the planning of gas infrastructure are the 

internal natural gas market directive, 138  the regulation for access to natural gas 

transmission networks, 139  the Trans -European Networks for Energy regulation 140  (TEN-E) 

and the Connecting Europe Facility (CEF) regulation. 141  TEN-E and CEF are further 

discussed in chapter 8. 

 

According to the current  EU gas network planning framework, the European Network of 

Transmission System Operators for Gas (ENTSOG) 142  must develop a ten -year network 

development plan (TYNDP) 143  at the European Union level every two years, building on 

the National Development Plans (NDP s, submitted by TSOs to their NRAs and cross -border 

projects being planned or identified (including Projects of Common Interest -  PCIs). These 

plans include relevant information regarding the transmission system interconnections and 

operation, as well as i nfrastructure development needs.  

 
Textbox 5-1 TYNDP and PCI projects in  selected countries  

All selected countries have at least one planned gas project listed in the ENTSOG TYNDP 2018 and included 

in the third PCI list. While Germany has the most gas infrastructure projects planned (20 projects) in the 

ENTSOG TYNDP 2018 from the selected countries, Hungary has the most PCIs (8 PCIs). 144  Besides the PCIs 

and other projects included in the ENTSOG TYNDP, the fi ve countries have their own NDPs. However, these 

are not always publicly available. Germany 145 , Hungary 146  and the Netherlands 147  have publicly available 

NDPs, while Spainôs latest infrastructure planning document148  was for 2012 -2020 (and covered both gas 

and ele ctricity). Given the limited exten t  of Swedenôs gas infrastructure, Swedegasô project portfolio includes 

only one LNG terminal and one extension of the current gas network .149  

 

Regarding gas network planning, increasing coordination is required both between gas and 

electricity, as well as between transmission and distribution levels. These aspects have yet 

to find their way into European legislation. They are further explained in  chapter 8.  

 

                                           
138 Directive 2009/73/EC concerning common rules for the internal market in natural gas 
139 Regulation (EC) No 715/2009 on conditions for access to the natural gas transmission networks 
140 Regulation (EU) No 347/2013 on guidelines for trans-European energy infrastructure 
141 Regulation (EU) No 1316/2013 establishing the Connecting Europe Facility 
142 Established by the Regulation (EC) No 715/2009 on conditions for access to the natural gas transmission networks 
143 Regulation 715/2009 require ENTSOG to adopt and publish a Community-wide network development plan (TYNDP) every two years. 
144 TYNDP 2018 ï Annex A: Project table 
145 FNB Gas (2019) Netzentwicklungsplan Gas 2018-2028 
146 FGSZ (2018), 10 Year Development Proposal Consultation. 
147 GTS (2017) Network development plan 2017 ï consultation document. 
148 Ministerio de industria, turismo y comercio (2011), planificación de los sectores de electricidad y gas 2012-2020. Desarrollo de las redes 
de transporte.  
149 Swedish Energy Markets Inspectorate (2018), The Swedish electricity and natural gas market 2017 
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Textbox 5-2 Increased coordination for network planning  

Increasingly coordinated approach for gas and electricity infrastructure development planning  

There is an increasing need for improved co ordination for electricity and gas infrastructure development and 

operations, among others to cover more efficiently the flexibility needs of the energy system. ACER 

proposes an obligation for gas and electricity TSOs to cooperate  and the European Commission is studying 

the potential of sector coupling for the EU natural gas sector. 150  

 

Following the TEN -E requirement to develop a common interlinked electricity and gas market and network 

model, the ENTSOs published common scenarios for the 2018 TYNDP and have released common storylines 

for the 2020 TYNDP, which will allow for comparable assessments of future investment decisions between 

the sectors. 151  The ENTSOs are currently improving the interlinked model, due to be operational in 2019. 152  

Also, the ENT SOs cooperate with ACER and the European Commission in the PCI process.  

 

Tenne T and Gasunie are an example of enhanced cooperation of electricity and gas TSOs ;  they have 

publish ed a joint infrastructure outlook to 2050 for Germany and the Netherlands, whic h also analys es the 

impact of power - to -gas developments.  

 

In creas ing  importance of the distribution level  

European regulation on the development of gas infrastructures used to focus on projects at the transmission 

level, in particular with cross -border impact. However, the development of decentralized renewable and 

decarbonise d energy sources, of demand -side m anagement initiatives and of ónewô conversion technologies 

such as power - to -gas is shifting the attention to the distribution level to which many of these applications 

will be connected, and to the interaction of the transmission and distribution levels. S everal studies 153  

acknowledge the relevance of transmission and distribution level coordination. In Germany, for example,  

DSOs have to elaborate ten -year forecasts of capacity needs, which are provided to their respective TSOs, 

which take them into account f or the development of their network development plan.  

 

Despite the regulatory developments at the European level, stakeholders generally agree that the regulation 

of distribution activities is best left at the national level. European legislation should p rovide the general 

framework and guarantee the cooperation of the actors.  

 

5.2  REVENUE REGULATION AN D NETWORK TARIFFICAT ION  

5.2.1  REVENUE REGULATION FO R GAS NETWORK OPERAT ORS  

National regulatory frameworks for determining the revenue of regulated  gas transmission 

and distribution  operators have some common structural elements. The regulated revenue 

of system operators can be separated in three revenue streams: to cover operational 

expenses, depreciation costs and capital remuneration  of the regulatory asset base. 154  To 

determine these, regulators make use of key revenue -setting elements: the operational 

and capital expenditures, the regulatory asset base, depreciation rules and the cost of 

capital.  These elements are indicated in Table 5-2 for the selected Member Sta tes.  

 

                                           
150 European Commission (ongoing) Potentials of sector coupling for the EU natural gas sector - Assessing regulatory barriers 
151 ENTSOG & ENTSO-E (2018), TYNDP 2018 ï Scenario report & ENTSOG & ENTSO-E (2018) Overview of the proposed Gas and 

Electricity TYNDP 2020 Scenario Building Storylines 
152 Artelys (2018) Investigation on the interlinkage between gas and electricity scenarios and infrastructure projects assessment & ENTSOG 

and ENTSO-E (2018) Focus Study Interlinked Model Joint ENTSOs Workshop 
153 CEER (2015) The Future Role of DSOs - A CEER Conclusions Paper & CEER (2016) Position Paper on the Future DSO and TSO 
Relationship - C16-DS-26-04 & CEER (2019) Conclusion paper - new services and DSO involvement - C18-DS-46-08 & CEDEC et al. 

(2018) Joint Statement from the DSO Associations on the proposal to revise the TEN-E Guidelines & CEDEC, Eurogas, GEODE (2018), 

Flexibility in the energy transition. A toolbox for gas DSOs. 
154 ACER (2018) Report on the methodologies and parameters used to determine the allowed or target revenue of gas transmission system 

operators 
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Regarding assessment methods employed by regulators for the operational expenses  

of TSOs, bottom -up and top -down assessment s are the most common methods in Europe. 

The methods are usually combined and applied for different operational cost items, wit h 

each regulator appl ying  nonetheless usually one main method. Germany and Hungary 

apply hybrid approaches with several methods: Germany combines multiple methods 

(bottom -up, top -down, TOTEX 155 , benchmarking and trends analysis), while Hungary 

combines mostl y a bottom -up assessment with additional benchmarking and trends 

analysis. The Netherlands uses mostly TOTEX and benchmarking, while Sweden and Spain 

apply a top -down assessment. 156  

 

In Europe , national regulators most commonly apply bottom -up assessments for capital 

expenditures , but this is not reflected in the Member States under study. While Hungary 

does use bottom -up assessments and Spain combines them  with benchmarking, Germany 

applies multiple approaches, the Netherlands combines TOTEX with benchmarking and the 

Swedish NRA verifies ex -post the CAPEX proposal of the TSO. 157  

 

Germany, the Netherlands and Spain have measures in place for increased efficien cy 

related to CAPEX (such as an X - factor or an efficiency requirement), while all considered 

countries except Spain have such measures related to OPEX. 158  Ex-post assessment s of 

capital expenditures (i.e. to verify the relevance of the investment and its cos t)  at EU level 

are more common , with around half of the national regulators conducting such reviews. 

Furthermore, while traditional fixed network assets are in general  included in the 

regulatory asset base, the inclusion of linepack, customer connection as sets and working 

capital varies in the countries under analysis. 159  

 
Table 5-2 Summary of revenue regulation aspects related to gas network operators  

Aspects  Germany  Hungary  Netherlands  Spain  Sweden  

TSO & DSO 
regulatory system 

in place  

Revenue Cap ï 
incentive based  

Incentive -based 
(mixture of price 
cap, revenue cap 

and quality 
regulation)  

Revenue Cap ï 
incentive based  

Revenue Cap 
& quality 

regulation  

Revenue Cap 
ï incentive 

based  

Composition of 
the regulatory 
asset base 160  

Mix of historical 
and re -
evaluated fixed 
assets plus 
working capital  

Re-evaluated 
fixed assets  

Historical cost -
based fixed 
assets  

Historical 
cost -based 
fixed assets  

Re-evaluated 
fixed assets  

NRA-approved 
depreciation ratio 
for transmission 
net work assets  

Pipelines 45 -65 
years  
Compressors 25 
years  

Pipelines 50 years  
Compressor 
stations 50 years  

Mostly 30 ï 55 
years  

40 years  
Pipelines 90 
years  

Depreciation 
calculation  

Linear  Linear  
Linear, indexed 
to inflation  

Linear  Linear  

Diff erence  
between RAB 

defined on net 
book value and 
RAB based on re -
evaluated value  

140%  121.50%  NA NA NA 

Gas PCI project -
specific incentive 

Methodology 
with applicable 
risks, project 
pre -requisites 

Methodology with 
applicable risks, 
project pre -
requisites and 

Methodology 
with application 
information 

No specific 
methodolog y 
defined*  

No specific 
methodology 
defined*  

                                           
155 Totex: óAllowed revenues do not differentiate between CAPEX and OPEX, but considers the whole costs instead. Therefore, it ensures 
that the incentive is technologically neutralô. CEER (2017) Incentives Schemes for regulating DSOs, including for Innovation. 
156 ECA (2018) Methodologies and parameters used to determine the allowed or target revenue of gas transmission system operators (TSOs) 
157 ECA (2018) Methodologies and parameters used to determine the allowed or target revenue of gas transmission system operators (TSOs) 
158 CEER (2019) Report on Regulatory Frameworks for European Energy Networks 
159 ECA (2018) Methodologies and parameters used to determine the allowed or target revenue of gas transmission system operators (TSOs) 
160 ECA indicates a different classification, with Germany, Hungary, Spain and Sweden using historical costs while the Netherlands re-
evaluates costs. It can be explained by the fact that while Germany does apply historical costs at the beginning of the period, the RAB may 

change due to efficiency targets and investments not foreseen. 
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Aspects  Germany  Hungary  Netherlands  Spain  Sweden  

methodology 
defined by NRA 161  

and required 
information  

required 
information  

requirements 
from promoters  

*Spain and Sweden argue that the regulatory framework already provides sufficient incentives. 162  

Source: CEER (2019) Report on Regulatory Frameworks for European Energy Networks & ECA (2018) Methodologies and 

parameters used to determine the allowed or target revenue of gas transmission syste m operators (TSOs) 

 

Pre- tax nominal weighted average cost of capital  (WACC) is the most common 

methodology to determine the cost of capital in Europe, being applied by 12 national 

regulators, followed by pre - tax real WACC in use in 6 Member States. For the  countries  

covered in this study, Hungary, the Netherlands and Sweden use the pre - tax real WACC 

while Spain is using  the pre - tax nominal WACC. Germany does not use the WACC approach 

but determin es the cost of equity and debt separately, with the cost of equity set by 

law. 163 ,164  The cost of capital of the Spanish gas TSO is indexed to the returns on 

government bonds, accrued by a premium. 165  

5.2.2  GAS NETWORK ACCESS AN D USE TARIFFICATION  

Tariff setting for gas transmission in Europe is currently undergoing significan t changes, 

with the ónetwork code on harmonized transmission tariffs structures for gasô166 ,  which 

provides much more detailed guidelines on tariff setting (compared to the 2009 gas 

regulation 167 ) and is due to be fully implemented by all Member States by 202 1.  

 

Table 5-3 presents key parameters of the tariff methodologies published by TSOs for 

consultation. 168  The parameters govern how TSO costs  are allocated to different network 

uses, considering the split between transit vs domestic uses, gas system entries v s exits, 

capacity -  vs commodity -based tariffs and transmission vs non - transmission services, and 

any discounts to storage. Thus, the tariff structure as shaped by the TAR network code 

will have a direct and distinct economic impact on network users, it bei ng paramount that 

the tariff structure be transparent, non -discriminatory and cost reflective.  

 
Table 5-3 Gas transmission structure tariff parameters  

Parameter  Germany  Hungary  Netherlands  Spain  Sweden  

Choice  of 

reference TSO 

tariff 

methodology  

Postage stamp  Postage stamp  Postage stamp  

Capacity 

Weighted 

Distance  

Postage stamp  

Revenue from 
transmission 

services  

NCG:83.4%  

GASPOOL:82.6%  
98.8%  100%  100%  98%  

New entry -exit 

splits  

NCG:32/68%  

GASPOOL:38/62

%  

40/60%  50/50%  50/50%  0/100%  

Previous entry -

exit splits (2017)  

Determined per 

TSO169  
50/50%  35/75%  25/75%  0/100%  

                                           
161 For PCIs the TEN-E guidelines require that Member States and national regulators óensure that appropriate incentives are grantedô in case 
of higher risks. However, by October 2018 only 4 requests were submitted for gas projects, none in the countries selected for this study. 
162 ACER (2018) Summary report on project-specific risk-based incentives 
163 ECA (2018) Methodologies and parameters used to determine the allowed or target revenue of gas transmission system operators (TSOs) 
164 óEquity is valuated at an interest of 6.91% (nominal interest) and 5.12% (real interest rate) depending on the share of new and old assets 

in the RABô. CEER (2018) Report on Regulatory Frameworks for European Energy Networks 
165 CEER (2019) Report on Regulatory Frameworks for European Energy Networks 
166 Regulation (EU) 2017/460 establishing a network code on harmonised transmission tariff structures for gas 
167 Regulation (EC) No 715/009 on conditions for access to the natural gas transmission networks provides few guidelines on tariff-setting 
(i.e. tariffs should be transparent, non-discriminatory, account for system integrity, facilitate gas trade and competition, reflect efficiently 

incurred costs and include an appropriate return on investment). According to this regulation cross-subsidization among different network 

users is explicitly forbidden. 
168 ENTSOG (2018) Implementation Document for the Network Code on Harmonised Transmission Tariff Structures for Gas ï Second 

Edition (revised) 
169 50/50% according to ENTSOG (2017) Implementation Document for the Network Code on Harmonised Transmission Tariff Structures 
for Gas. However, the split is actually determined per TSO, e.g. was 4/96% for Ontras in 2019, following the publication according to Art. 

29 and 30 Regulation (EU) 2017/460 (NC Tariffs). 
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Parameter  Germany  Hungary  Netherlands  Spain  Sweden  

Storage entry/exit 

discount  
75/75%  90/100%  50/50%  100/100%  100/100%  

Discount to LNG  No No No 0%  No 

Capacity cost 

allocation 

comparison 

index 170  

NCG:2.6%  

GASPOOL:1%  
8.7%  6.3%  0.6%  N/A  

Transmission 

services revenue 

from capacity -

based tariffs  

100%  85.1%  100%  96.7%  100%  

Domestic/cross -
border split  

NCG:75/25%  

GASPOOL:68.4/3

1.6%  

71.75/28.25%  57/43%  90.1/9.9%  100/0%  

Non - transmission 

services  

Biogas  

Market area 

conversion  

Metering  

Odorization  

Title transfer  

Data provision  

Balancing services  

N/A  N/A  

Pressure 

reduction service  

Administrative 

charge  

Sources: Previous entry-exit splits : ENTSOG - TAR NC Implementation Document ð Second Edition September 2017. All other 

parameters: TAR NC national tariff consultations . 

 

The TAR NC provides guidelines on how regulators should set up the revenue recovery 

methodologies for gas TSOs. The TAR NC separates regulatory frameworks for tariff setting 

in two categori es: price cap and non -price cap (which includes revenue cap, cost plus and 

rate of return). 171  As seen, the Member States under study apply generally non -price cap 

regulation. Revenue is recovered through two main streams: transmission services 

revenue (sepa rated into capacity and commodity -based charges) and non - transmission 

services revenue. 172  By default, transmission service costs should be recovered through 

capacity -based tariffs, although a limited part of the costs may be recovered through 

commodity -base d tariffs upon regulatory approval.  The three possible revenue streams 

are shown in the figure (transmission service revenues from capacity -  and commodity -

based charges and non - transmission service revenues).  

 

Discounts are allowed for LNG  and isolated sys tem points, and required for gas storage 

(minimum 50% unless it competes with an interconnection point). Of the Member States 

covered in this study, the Netherlands applies the minimum 50% storage discount, 

Germany 75%, while Hungary and Sweden apply 100% discounts (only for exit in the case 

of Hungary).  

 

                                           
170 Following the TAR NC, the capacity cost allocation comparison index provides a simplified indicator to identify the allocation of costs 
according to cost drivers for intra- and cross-system flows, for capacity- and commodity-based tariff. The NRA is required to provide a 

justification if the index is above 10%.ô 
171 ENTSOG (2018) Implementation Document for the Network Code on Harmonised Transmission Tariff Structures for Gas ï Second 
Edition (revised) 
172 Ibid 
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Figure 5-1 Revenues and revenue recovery through tariffs in the TAR network code  

 
 

The TAR NC requires the national regulator or TSO to conduct cost allocation assessments 

on capacity -based charges (and commodity -based charges if applicable) to avoid cross -

subsidization between intra -  and cross -system use. A cost allocation assessment must be 

conducted, with the regulator justifying any cost allocation  which exceeds the threshold of 

10%. Of the concerned countries, none indicated a capacity cost allocation comparison 

index above the threshold of 10%, but ACER indicates that if the storage discounts in 

Hungary were considered in the index calculation, th e actual value would be 17%. 173  

Member States are also obliged to publish the intra -system/cross -system split of revenues. 

This split ranges from 100/0% for Sweden (which has no cross -system flows) to 57/43% 

for the Netherlands.  

 

According to the TAR network  code, flow -based tariffs can differ for entry and exit points,  

but have to be uniform within each point group. Of the concerned Member States with 

available data, only Hungary makes use of commodity -based tariffs. 174  Tariffs for non -

transmission services mu st respect cost - reflectivity, non -discrimination, objectivity, 

transparency requirements and must minimise cross -subsidisation, trying to allocate costs 

as much as possible to the service beneficiaries. 175  The ENTSOG provides examples of 

services which will need to be classified as either transmission or non - transmission 

services, including blending and/or ballasting; odorization  and biogas services. In the 

countries of interest, only Germany proposed non - residual  non - transmission services 

tariffs (around 17%  of revenues), mainly split between a biogas charge (for recovering 

costs due to subsidization to renewable gas injections) and market area conversion 

services (related to the conversion of L -gas to H -gas).  

 

6  DEVELOPMENT OF BIOMET HANE AND HYDROGEN IN  SELECT ED 

MEMBER STATES  

6.1  CURRENT STATE OF BIOM ETHANE AND HYDROGEN IN THE SELECTED EU  

MEMBER STATES  

This chapter briefly investigates the current status of biomethane and hydrogen  gases in 

the selected countries. Table 6-1 provides an overview of the development of  biomethane 

                                           
173 ACER (2019) Analysis of the consultation document for Hungary 
174 Hungarian Energy and Public Utility Regulatory Authority (2018) Response to ACER Consultation Template 
175 ENTSOG (2018) Implementation Document for the Network Code on Harmonised Transmission Tariff Structures for Gas ï Second 

Edition (revised) 
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and hydrogen in the selected countries. There is a large difference across countries, with 

Germany leading in both gases while Spain and Hungary have only incipient development.  

 

Overv iew of biomethane and hydrogen with a focus on the selected countries  

Production  of biogas  is more established in Europe than hydrogen , with a  trend to shift 

from local electricity and/or heat production from biogas towards upgrading it  to 

biomethane  due to its higher added value 176  and end of pu blic support to bioga s. 

Upgrading biogas has expanded especially in countries where its  production was  already 

consolidated. 177  Hydrogen  and power - to - gas  (hydrogen or synthetic methane)  

development is still relatively limited,  but is growing  due to its potential for supporting the 

decarbonization of the economy . However, its economic feasibility is still quite poor due to 

high costs of renewable electricity, high investment costs for electrolysers and low 

efficiency in  intermittent operation. 178  
 

Table 6-1 Overview of the development of biomethane and hydrogen in the selected countries  

  Biomethane  Power - to -gas  

Country  Overview  Use 
P

la
n
ts

 

in
je

c
ti
n
g

 

F
e

e
d

-i
n
 

c
a

p
a

c
it
y
 

(T
W

h
/y

)
 

Projects  Gas use  

Germany  
Leading in both 
gases 179  

Injection  194  14.41  
26  
(9 of which can 
inject  H2 or CH 4

180 )  

Injection  
Mobility  

CHP 

Hungary  
Little regulatory or 
project developments 
for either gas  

Export  1 0.07  Lab prototype 181   

Netherlands  

Mature biogas 
develo pment, incipient 
but ambitious role for 
PtG 

Injection
182  

28  1.84  

1 
(and past  
demonstration 
projects) 183  

Space 
heating  

Sweden  
Limited network but 
central role for 
biomethane  

Mobility
184  

15  0.57  Planning pilots 185   

Spain  
Initial developments 
in both gases  

Injection  1 0.58  1 pilot 186  Injection  

Source: Number of plants and feed-in from GIE (2018) European Biomethane Map 2018.187  

 

Almost a ll EU Member States 188  have natural gas transport and distribution infrastructure 

which can easily be used for biomethane  as well as for synthetic methane . 189  Currently, 

the injection capacity is limited in some distribution networks, especially in summertime. 

In some areas this has become a barrier for biomethane plants to access  distribution 

                                           
176 EBA (2019). http://european-biogas.eu/2019/02/06/biogas-trends-for-this-year/ 
177 ISAAC (2016) Deliverable D5.2: Report on the biomethane injection into national gas grid 
178 Glenk and Reichelstein (2019) Economics of converting renewable power to hydrogen. Nature Energy 4 
DNV GL (2019) Hydrogen in the electricity value chain & http://europeanpowertogas.com/projects-in-europe/ 
179 Germany is one of the largest producers of biomethane in Europe, accounting for roughly 35% of the number of plants installed in 

Europe and 46% of the injected biomethane volume. Source: Bundesnetzagentur (2019) Monitoringbericht 2018; EBA (2018), Annual 
report 2018. 
180 4 plants inject synthetic methane into the grid and 5 inject hydrogen. Stakeholders are effectively exploring the potential role of synthetic 
methane with several demonstration projects experimenting with methanation. 
181 Power-to-gas Hungary company was established in 2016, a protoype is in operation since 2018, and projects are being developed, in 

Central and Eastern Europe countries, with first injection expected in 2021. Source: Communication with developers (2019). 
182 In the Netherlands, the Dutch gas TSO GTS is assisting two new projects that will feed in biomethane into the transmission grid. Sources: 

https://www.gasunienewenergy.nl/projecten/ambigo & https://www.gasunienewenergy.nl/projecten/scw 
183 https://energiekaart.net/initiatieven/duurzaam-ameland-power2gas/  
184 Transported by road instead of injected to the grid. Source: Energigas Sverige (2018), National biogas strategy 2.0. 
185 https://www.swedegas.se & Energigas Sverige (2018), National biogas strategy 2.0. 
186 https://prensa.naturgy.com/en/gas-natural-fenosa-launches-pilot-project-to-produce-renewable-gas-in-catalonia/ 
187 EBA & GIE (2018), European Biomethane Map. 
188 Except Cyprus and Malta. Cyprus, however, has projects to exploit its own natural gas reserves by 2022, and has initiated constructing a 

natural gas network and storage. 
189 European Commission (2016) Optimal use of biogas from waste streams - An assessment of the potential of biogas from digestion in the 

EU beyond 2020 

http://european-biogas.eu/2019/02/06/biogas-trends-for-this-year/
http://europeanpowertogas.com/projects-in-europe/
https://www.gasunienewenergy.nl/projecten/ambigo
https://www.gasunienewenergy.nl/projecten/scw
https://energiekaart.net/initiatieven/duurzaam-ameland-power2gas/
https://www.swedegas.se/
https://prensa.naturgy.com/en/gas-natural-fenosa-launches-pilot-project-to-produce-renewable-gas-in-catalonia/
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networks , as production levels are relatively stable throughout the y ear. Solutions for the 

Netherlands 190  include  the  connection of biomethane plant to the transmission network  and 

better balancing of local supply and demand.  In Germany, there are more than 10 gas 

boosting installations for allowing reverse flows.  191  

 

Discuss ions are currently ongoing on how much hydrogen  can be blended into natural 

gas without the need to adapt networks  and end -use equipment  (see chapter 4.4).  Also, 

adding hydrogen to natural gas pipelines reduces their energy capacity although this can 

be pa rtially offset by  higher flow  rates. 192  Some studies assessed the requirements and 

impacts for converting the natural gas infrastructure to  hydrogen.  A recent Dutch study 

found converting the Dutch gas distribution grid into a 100% hydrogen grid is technically 

feasible but would require adaptation of the gas metering equipment and the boilers and 

cooking equipment on the users ô side. Another study found that the continued use of the 

gas infrastructure for transport of renewable gas is the least -cost scenario for Germany .193  

 

Storing  large volumes of renewable energy will be one of the main challenges in the 

transition to a low carbon energy system. 194  Using existing gas storage (e.g. to cover 

seasonal energy peak needs related to heating) could be more ec onomic than expanding 

the electricity storage capacity, which is still limited (600 GWh at EU level).  While almost 

all gas storage capacity (1 100 TWh at EU level) could be used to store 

biogas/biomethane/synthetic gas, part of it, in particular salt caver ns, is also technically 

suitable to store hydrogen. 195  Storage of hydrogen in depleted gas fields might also be 

feasible under certain circumstances, but has not yet been tested in practice. 196  From the 

selected Member States, only Germany (152 TWh of working gas) and the Netherlands (4 

TWh) have salt - cavern storage capacity, which might offer them a competitive advantage 

for hydrogen storage and thus the development of power - to -gas. The Netherlands already 

has plans to test a salt cavern for hydrogen storage.  

 

Concerning uses, i n the EU, biomethane  produced  is mostly used for transport and space 

heating. 197  In 2018, biomethane was injected  into the gas network  in 18 European 

countries. 198  The reason that most biogas production is not converted into biomethane is 

th at the direct local use of biogas is currently m ore cost -effective. In Germany, biomethane 

use for heating especially of the old building stock has been growing, with a willingness of 

consumers to pay a premium. 199  Also i n the other selected countries at least some 

biomethane  is injected into the network . In 2016 approximately 80% of Swedenôs 

biomethane was used in the transport sector. 200   
 

The hydrogen  and synthetic methane  produced in PtG projects are consumed in a 

variety of ways. Around 40% of the power - to -gas plants operational in the selected  

countries are injecting gas into the network , 7 of which inject hydrogen and 7 synthetic 

methane, with experimentation by network operators especially in Germany and the 

                                           
190 Netbeheer Nederland (2018) Advies: ócre±ren voldoende invoedruimte voor groen gasô. 
191 CEDEC, Eurogas, GEODE (2018), Flexibility in the energy transition. A toolbox for gas DSOs.  
192 Effects are nonlinear and depend on energy density and H2 flow properties. As hydrogen is also less compressible, the effect becomes 
more pronounced at higher pressures. Source: Quarton et al. (2018) Power-to-gas for injection into the gas grid: What can we learn from 
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